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EXECUTIVE SUMMARY 
 
 
 Both the growth of distributed energy resources (DERs) and the retirement of central 
generation (mostly synchronized conventional power plants using fossil-fuel-based resources) 
have implications for the steady-state and dynamic performance of the bulk electric system 
(BES). Specifically, the high penetration of DERs in the BES has an impact on its stability and 
reliability, as well as on the distribution network to which the DERs are directly connected. The 
growth of DERs — supported by lower costs of renewable energy and natural gas, advances in 
inverter technology, and favorable federal and state government policies — means that this 
impact is becoming more significant. This report presents the results of analysis on how the high 
levels of DERs integration may affect the BES. 
 
 To enable these analyses, this report first introduces two approaches to modeling the 
distribution system and interconnected DERs: (1) an aggregated modeling approach, and (2) a 
full modeling approach. The aggregated distribution system model comprises an 
equivalent/aggregate distribution system model (including an aggregate load model and an 
equivalent feeder segment) and an aggregate dynamic DER model. The aggregated distribution 
system model replaces the original load centers in a transmission system model to enable 
studying the impact of DERs on the BES. In the full distribution system modeling approach, on 
the other hand, the non-aggregated distribution system and individual DERs are modeled. 
Combining the full distribution system model with a transmission system model is an alternate 
approach to studying the impact of DERs on the BES. The transmission system and the full 
distribution system modeling as a whole is referred to as the “T&D combined model.” The 
performance of both distribution system modeling approaches is compared and contrasted in 
BES stability studies. In this work, a T&D combined model is developed in MATLAB/Simulink 
software. The T&D combined model features the full distribution system models of the IEEE 
34-node feeder and the transmission system model of the Kundur Two-Area system. 
 
 The impacts of the high penetration of DERs on the BES are analyzed in terms of BES 
frequency and voltage regulation. On the distribution side, the impact of high penetration of 
DERs on the distribution system’s protection coordination is assessed. Certain control and 
management strategies that may utilize advanced controls of DERs (e.g., virtual inertia, voltage- 
or Volt-VAR control [VVC]) are used to demonstrate their effectiveness in helping maintain 
BES frequency and voltage stability. 
 
 Key findings from case studies performed using the T&D combined model are 
summarized as follows: 
 

• Compared to a base case without any DERs, when DERs without virtual 
inertia are integrated, the system frequency nadir decreases following a 
sudden load increase. When DERs equipped with virtual inertia are present, 
the system frequency nadir increases following a sudden load increase event 
as compared to the base case without any DERs. 
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• When photovoltaic (PV) penetration increases, net load variability and 
ramping challenges arise in the BES, as well as in the distribution network. 
A substation-based smoothing algorithm that utilizes a battery energy storage 
system is effective in flattening the BES net load. 

 
• Various slopes of DERs’ VVC curve coupled with time delays can affect BES 

voltage regulations during normal operations. A slow response coupled with 
steep Volt-VAR settings in DERs may cause system instability. It is crucial 
that the DER voltage support settings be well coordinated with their response 
lags. 

 
• Without local reactive power support, increased DER penetration results in 

oscillations and sags in voltage of the transmission system’s power flow and 
aggravates frequency recovery. Although DERs’ dynamic reactive power 
support can help maintain system stability overall, the system is sensitive to 
the DER settings with respect to reactive power support. 

 
• High DER penetration in a distribution network may increase fault current, 

cause sympathetic tripping and nuisance tripping, and desensitize feeder head 
protection relays. 

 
 Overall, the results of these case studies suggest that increasing the integration of DERs 
can have detrimental as well as positive impacts on the BES. Further studies with large-scale 
systems, using an enhanced T&D combined model and recognizing the latest operational 
practices for DER management, are needed to build on the findings of this report and enhance 
the understanding of the ways that DERs affect the BES.  
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1 INTRODUCTION 
 
 
 The growth of distributed energy resources (DERs), mostly generation using intermittent 
renewable energy sources, along with the retirement of central generation (mostly conventional 
power plants using fossil-fuel-based resources) has implications for the steady-state and dynamic 
performance of the BES. Among the DERs connected to the distribution system, photovoltaic 
(PV) systems are the most prevalent and have been installed at an increasing rate. Until recently, 
the penetration levels of DERs have not been high enough to create significant impacts on the 
reliability and security of power system operation. However, in recent years, the penetration 
levels of DERs have risen to a level that their impacts on the bulk electric system (BES) should 
be considered in a detailed fashion in planning and operations. 
 
 The PV and wind systems connected to the transmission network have been well studied 
and represented in BES stability studies. However, because of the distributed nature of DERs, 
especially PV systems, and the variability of their support capabilities depending on vendors, 
manufactured years, and costs, modeling distributed PV systems to accurately capture their 
impact on the BES remains challenging. 
 
 Chapter 2 explores the modeling approaches for distribution systems integrated with 
DERs to study the impact of DERs on the BES, namely, the aggregated modeling approach and 
the full modeling approach. The aggregated distribution system model comprises an 
equivalent/aggregate distribution system model (including an aggregate load model and an 
equivalent feeder segment) and an aggregate dynamic DER model. The aggregated distribution 
system model is connected to a transmission system model to enable studying the impact of 
DERs on the BES. In the full distribution system modeling approach, on the other hand, the non-
aggregated distribution system and individual DERs are modeled. Connecting the full 
distribution system model to a transmission system model on the same simulation platform offers 
another approach to studying the impact of DERs on the BES. The transmission system and the 
full distribution system modeling as a whole are referred to as the T&D combined model. The 
performance of both distribution system modeling approaches is compared and contrasted in 
BES stability studies in this chapter. While the aggregated modeling approach provides a 
simplified approach  to investigate the impact of DERs on the BES, the full modeling approach 
is more appropriate to account for the full spectrum of DER dynamics, including phase lock loop 
(PLL) dynamics, direct current (DC) link dynamics, and time dependency of protection 
elements, as well as various legacy components of distribution systems such as line regulators 
and switched capacitors. 
 
 When investigating DERs’ impact on the BES, one should consider that modern-day 
DERs are capable of providing both active and reactive power to the system through the use of 
advanced inverter controls. As a matter of fact, recent DER interconnection standards such as 
Institute of Electrical and Electronics Engineers (IEEE) Standard 1547-2018 now require DERs 
to be able to provide frequency and voltage support to the power system. These ancillary services 
can now be utilized to support the overall system reliability subject to the approval of the area 
electric power system (EPS) operator. In Chapter 3, DERs’ impact on and the control strategies 
to improve the frequency control of the BES are investigated. Specifically, a virtual-
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synchronous-generator-based control scheme is proposed for DERs, and its contribution to the 
BES inertial response is demonstrated. Moreover, DERs’ impact on BES net load variability and 
ramping are studied, and mitigation schemes are discussed and implemented. This chapter also  
highlights the effectiveness of the mitigation schemes in smoothing the BES net load. 
 
 Chapter 4 addresses DERs’ impact on and the control strategies to improve the voltage 
stability of the BES. Using the T&D combined model, this chapter first explores how the 
combination of various slopes and time delays of DER VVC curves can affect BES voltage 
control during normal operations. The impact of interactions between multiple DERs with VVC 
enabled on the BES is also examined through case studies. This chapter then expands beyond 
considering normal operations by presenting case studies that demonstrate that the dynamic DER 
reactive power support can help maintain BES voltages during abnormal conditions. 
 
 The conventional distribution system’s protection scheme faces challenges with the high 
penetration of DERs. Although the contribution of fault current from each DER is limited, the 
high penetration of DERs can wind up contributing a considerable amount of fault current. These 
sources can change the fault current distribution and magnitude and cause new problems for the 
operation of existing overcurrent protection schemes. Chapter 5 demonstrates some of the 
emerging protection issues that arise because of high DER penetration including increased fault 
current, sympathetic tripping, nuisance tripping, and desensitizing feeder head protection relays. 
 
 Chapter 6 concludes the report with a summary of the work conducted, insights and 
observations made in these studies, and mitigation solutions for promoting secure and reliable 
BES operations. 
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2 MODELING APPROACHES TO STUDY THE IMPACT OF DER ON BES 
 
 
 This chapter comprises two sections. The first introduces two approaches to modeling the 
distribution system and interconnected DERs for BES impact studies. The second section 
compares the performance of both distribution system modeling approaches through various case 
studies. 
 
 
2.1 DISTRIBUTION SYSTEM MODELING APPROACHES FOR BES IMPACT 

STUDIES 
 
 Conventionally, for system planning and operational studies, the BES has been modeled 
by a mesh network connecting equivalent generators and static passive load. The equivalent 
generators are representatives of central power plants, and the static passive loads are 
representatives of the distribution system. Future grids with high penetration of DERs are 
expected to significantly affect the power flows between the transmission network and the 
distribution system. In these scenarios, modeling the distribution system integrated with DERs is 
recommended for both BES steady-state and dynamic studies. Modeling a single static load for 
distribution systems with a high penetration of DERs is insufficient as this model fails to 
represent the DERs’ dynamic characteristics and the effects of the unbalanced system. Although 
modeling the distribution system and the multiple DERs connected at various nodes in the 
distribution system as thoroughly as possible is desirable, the computational burden and 
complexity of such a model may limit the types of studies performed. Therefore, certain 
simplifications may be achieved by aggregating models with similar characteristics and/or using 
reduced-order dynamic equivalent models [1]. 
 
 In this report, two approaches in modeling the distribution system and its integrated 
DERs are introduced to study the impact of DERs on the BES, namely, an aggregated modeling 
approach and a full modeling approach. The aggregated distribution system model comprises an 
equivalent/aggregate distribution system model (including a substation transformer, an aggregate 
load model, and an equivalent feeder segment) and an aggregate static/dynamic DER model. The 
aggregated distribution system model is connected to a transmission system model to enable 
studying the impact of DERs on the BES. In the full distribution system modeling approach, on 
the other hand, the non-aggregated distribution system and individual DERs are modeled. 
Connecting the full distribution system model to a transmission system model on the same 
simulation platform offers another approach to studying the impact of DERs on the BES. The 
transmission system and the full distribution system modeling as a whole are referred to as the 
T&D combined model. 
 
 
2.1.1 Description of Test System 
 
 The distribution system modeled in both approaches is integrated into the transmission 
system model. Figure 1 shows the schematic diagram of the modified Kundur’s Two-Area 
system [2], which represents the BES model used for an impact study of DERs on the BES. This 
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test system has been developed on the MATLAB/Simulink platform. The original Kundur Two-
Area system parameters are shown in Table 1. Compared to the original BES system in [2], the 
load connected at bus #9 in the BES model is partitioned to represent a distribution system. The 
feeder modeled in the distribution system is shown in Figure 2, which is the modified IEEE 
34-node test feeder [3]. As Figure 2 shows, the distribution feeder consists of loads of different 
types and has distributed PV systems connected at various nodes within it. 
 
 

Table 1  Original Kundur Two-Area System Parameters. 

 
Generator Data G1 G2 G3 G4 

     
Generator Capacity (MVA) 900 900 900 900 
Power Output (MW) 700  700  719  700 
Inertia (s) 6.5 6.5 6.715 6.715 
 
Load Data 
Load in Area 1 967 MW, 100 MVAR (inductive), and 387 MVAR (capacitive) 
Load in Area 2 1767 MW, 100 MVAR (inductive), and 537 MVAR (capacitive) 

 
 
 Please note that in the developed modified Kundur Two-Area system, each synchronous 
generator is represented by 10 smaller units, each of 90 MVA with a 20-kV rating. The inertia of 
the smaller units is the same as the aggregated system inertia, that is, 6.5 s for generating units 1 
and 2 and 6.175 s for generating units 3 and 4. This complies with the aggregated inertia concept 
represented by the following equation: 
 

𝐻𝐻𝑎𝑎𝑎𝑎𝑎𝑎 =
 ∑ 𝐻𝐻𝑖𝑖𝑛𝑛

𝑖𝑖=1 . 𝑆𝑆𝑖𝑖
𝑆𝑆𝑡𝑡𝑡𝑡𝑡𝑡

 

 
 In this work, different penetration levels of DERs on the distribution feeder are created to 
properly identify the impact of DERs on the BES. As DERs replace synchronous machines, the 
reactive power reserve in a BES decreases, which might lead to a lower reactive power margin 
and a lower system voltage. There are two approaches currently used to consider the loss of the 
system inertia that results when DERs displace synchronous machines. One approach simply 
reduces the inertia of all of the machines proportionally; and the other approach disconnects 
certain generators from the system as the DER penetration reaches a certain threshold. Both 
approaches are able to emulate the decommissioning of conventional synchronous generators. 
The second approach is adopted in this work. 
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Figure 1  Schematic Diagram of the Modified Kundur Two-Area System. 
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Figure 2  Schematic Diagram of the Test Distribution Feeder. 
 
 
2.1.2 Full Modeling of Distribution Systems 
 
 In this approach, the non-aggregated distribution system and individual DERs are 
modeled to reflect their dynamic and steady-state behaviors for BES planning and operational 
studies. A representative distribution system, the modified IEEE 34-node test feeder shown in 
Figure 2, which hosts a few distributed PV systems, is developed in this work. The details of the 
distribution feeder can be obtained from [1]. Please note that the scale of PV systems used in this 
model is not at residential PV levels, which are usually connected at the low voltage side of the 
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service transformers and range from a few kilowatts to 100 kW. The distributed PV systems, in 
this work, represent an aggregation of multiple residential-scale PV systems connected at the 
primary distribution voltage level. 
 
 The full distribution system model is then connected to a transmission system model. The 
transmission system model and the full distribution system model as a whole, or the T&D 
combined model, are shown in Figure 3. In the T&D combined model, part of the load at bus #9 
in the BES is replaced with distribution feeders. To reduce the computational burden and 
simulation runtime while not affecting the impact study results, the following change is made: 
instead of using multiple different feeders, the representative distribution feeder connected to the 
distribution substation is scaled up multiple times using a current source and assuming that each 
feeder in the distribution system has the same response and the same load and DER penetration. 
Specifically, according to the total original transmission load and the capacity of the simulated 
distribution feeder, a distribution system with n number of identical feeders, can be calculated to 
match the original load at the transmission bus. Then, a current source injection is used to scale 
up the modeled feeder n-1 times at the substation transformer (see Figure 3) to represent another 
n-1 feeders. 
 
 

230 kV

12.47 kV

Representative 
Feeder

Ids

(n-1)Ids

G4

G3G1

G2

Area 1 Area 2

1 3

42

5 1112 10
7 98

Bulk Electric 
System (BES)

 
Figure 3  Schematic Diagram of a Transmission System with Partial Load Replaced by Distribution 
Feeders Integrated with DERs. 
 
 
2.1.3 PV System Modeling in Full Distribution System Models 
 
 As shown in Figure 2 and Figure 3, four PV systems are integrated into the distribution 
feeder model at four different locations. In this study, the following characteristics for the PV 
systems are considered: 
 

• PV systems are assumed to be operating at the maximum power point (MPP). 
The irradiance and the panel temperature are assumed to be constant; thus, the 
PV systems deliver constant real power to the alternating current (AC) side for 
the case studies. 
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• PV systems are connected to a distribution node via a transformer that has a 
rating equal to the volt-ampere (VA) rating of the PV system. 

 
• Each PV system has its own circuit breaker and protection logic scheme, 

which is implemented according to IEEE Standard 1547a-2014 [4] (see 
Table 2 and 3). 

 
• An average dynamic model of the grid-connected inverter is used instead of 

one that is detailed1 given that the electromagnetic transients associated with 
the insulated-gate bipolar transistor (IGBT) switching are not of concern. The 
average model incorporates all of the control and inverter response dynamics 
but excludes the switching dynamics and associated harmonics. 

 
• The time step used for the simulation is 50 µs. 

 
• A standard vector control approach is used for the PV inverter control, which 

is in the PQ (i.e., active power and reactive power) control mode for the case 
studies below. The associated inverter control for the detailed mode of DER is 
shown in Figure 4. 

 
 

Table 2  DER Interconnection System Response to 
Abnormal Voltages as per IEEE 1547a-2014. 

 
Voltage Range 

(% of Base Voltage) Clearing Time (seconds) 
  

𝑉𝑉 < 45 0.16 
45 ≤ 𝑉𝑉 < 60 1.00 
60 < 𝑉𝑉 < 88 2.00 

110 ≤ 𝑉𝑉 < 120 1.00 
𝑉𝑉 ≥ 120 0.16 

 
 
  

 
1 A detailed inverter model is used to model each of the switching components in the inverter to perform 

electromagnetic transient analysis and harmonic analysis. 
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Table 3  DER Interconnection System Response to Abnormal 
Frequencies as per IEEE 1547a-2014. 

 
Function Frequency (Hz) 

Clearing Time 
(seconds) 

   
Under Frequency (UF) 1 < 57.0 0.16 
UF 2 < 59.5 2.00 
Over Frequency (OF) 1 > 60.5 2.00 
OF 2 > 62.0 0.16 

 
 

 
Figure 4  Schematic Diagram of the Inverter-Interfaced DER Model [5]. 

 
 
2.1.4 Aggregated Modeling of Distribution Systems 
 
 Conventionally, the DERs have been treated as the negative loads for steady-state 
analysis and used to be netted with load for BES planning and steady-state studies. There used to 
be no unique representation of DERs in both steady-state and dynamic studies. More recently, 
with the increasing penetration of DERs on the distribution system, for steady-state analysis 
purposes, the recommended model consists of a substation transformer connected to an 
equivalent load, and an equivalent PQ generator through an equivalent feeder impedance. This 
representation of distribution system with DERs works well for steady-state studies like load 
flow analyses but may not be enough for dynamic studies. Western Electricity Coordinating 
Council (WECC) has developed an equivalent model that represents the distribution system load 
and distributed PV system for dynamic studies, namely, the CMPLDW [6] and PVD1 models 
[7], respectively. 
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 In this report, following the WECC recommendation for the aggregated representation of 
a distribution system, a static load equal to the power drawn by a representative distribution 
system is used. The dynamic motor loads in the CMPLDW model are not considered. The losses 
in the system are modeled using an equivalent feeder impedance. The aggregate load model and 
the equivalent feeder segment are the same for both steady-state and dynamic aggregated 
distribution models. In addition, for the distributed PV system, a static aggregate DER model 
(PQ generator) is used in the steady-state aggregated distribution system model. The PVD1 
model developed by WECC is utilized for the dynamic aggregate DER model in the dynamic 
aggregated distribution system model. The aggregate static/dynamic DER model, in conjunction 
with a substation transformer, an aggregate load model, and an equivalent feeder segment is 
collectively referred to as the aggregated distribution system model. 
 
 The aggregated distribution system model for the IEEE 34-node test feeder shown in 
Figure 2 is developed in this work. The schematic diagram of both steady-state and dynamic 
aggregated distribution system models is shown in Figure 5. The procedure to obtain the 
parameters for the equivalent load and equivalent feeder segment is referenced in Appendix 0. 
The aggregated distribution system model is connected to a transmission system model to enable 
studying the impact of DERs on the BES. 
 
 

Equivalent  
impedance

 Substation 
transformer

Equivalent Load

Transmission 
system

PVD1
(dynamic model)

Load bus 

Equivalent  
impedance

 Substation 
transformer

Equivalent Load

Transmission 
system

(static model)

Load bus 

PV

 
Figure 5  Aggregated Steady-State (a) and Dynamic (b) Model of the Distribution System 
Integrated with Distributed PV Systems. 
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2.1.5 Aggregated Distributed PV Model (PVD1 Model) 
 
 In this work, the PVD1 model is adopted to aggregate the distributed PV generation in 
the distribution system. PVD1 [7] is a dynamic equivalent model representing an average 
response of all of the distributed PVs in the distribution system. The block diagram 
representation of the PVD1 generator model is shown in Figure 6. The following points are 
worth noting about the PVD1 model used in this work: 
 

• The active power control loop and reactive power control loop provide the 
active and reactive current injection to the network, respectively. 

 
• The active and reactive current commands are subject to a dynamic current 

limiting, with user-selectable priority between active and reactive current. In 
the cases studied, the active power output from the PV inverter is prioritized 
over reactive power output. This treatment means that the maximum amount 
of reactive power support that can be obtained is dependent on the active 
power output from the PV inverter. 

 
• The active current command is derived from a reference active power, and the 

reactive current command is obtained from the sum of the reactive power 
output from the Volt-VAR curve for terminal voltage regulation and reference 
reactive power. This setup is illustrated in Figure 6. 

 
• In the case studies, the reactive power output from the PV is assumed to be 

zero. Therefore, the reactive power reference is zero, and the Volt-VAR droop 
control is not in effect. 

 
• The total PV power output at different locations of the distribution system are 

added up to obtain the equivalent power output of the PVD1 model. 
 

• The model consists of protective functions, which reduce the output of the 
PVD1 when the system operates outside of the user-specified dead band on 
voltage and frequency. If the performance of legacy DERs (tripping) and 
modern DERs (ride-through) is modeled by the use of a single instance of the 
PVD1 model, values for the “Vrflag” and “Frflag,” equal either 0 or 1. 
Fraction values (i.e., between 0 and 1) of “Vrflag” and “Frflag” may be used 
to represent partial tripping from a mixture of legacy and modern DERs with 
different interconnection standards. 

 
• The recovery of generation is dependent on whether the occurrence of a 

voltage or frequency excursions reverse and return toward the dead band, and 
the proportion is determined by the user-defined flags (i.e., “Vrflag” and 
“Frflag”). For example, a “Vrflag” of 0.5 means that 50% of the PV systems 
reconnect to the grid when the voltage recovers to nominal value following a 
voltage recursion. The effects of variation of values of “Vrflag” and “Frflag” 
are also explained in the case studies.  



 

13 

 
Figure 6  Schematic Diagram of PVD1 [7]. 

 
 
 The parameters for the PVD1 model used in the case studies are shown in Table 4. 
 
 

Table 4  PVD1 Parameters Used in the Case Studies. 

 
Name Description Values 

   
Xc Line drop compensation reactance (pu on MVAbase) 0.0 
Imax Apparent current limit (pu on MVAbase) 1.3 
Vt0 Voltage tripping response curve point 0 (pu) 0.88 
Vt1 Voltage tripping response curve point 1 (pu) 0.90 
Vt2 Voltage tripping response curve point 2 (pu) 1.10 
Vt3 Voltage tripping response curve point 3 (pu) 1.20 
Vrflag Voltage tripping is latching (0) or partially self-resetting (>0 and ≤1) 0.0/1.0 
Ft0 Frequency tripping response curve point 0 (Hz) 59.5 
Ft1 Frequency tripping response curve point 1 (Hz) 59.7 
Ft2 Frequency tripping response curve point 2 (Hz) 60.3 
Ft3 Frequency tripping response curve point 3 (Hz) 60.5 
Frflag Frequency tripping is latching (0) or partially self-resetting (>0 and ≤1) 0.0/1.0 
Qref Reactive power reference (pu) 0.0 
Tg Inverter current lag time constant (seconds) 0.02  
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2.2 PERFORMANCE COMPARISON OF TWO DISTRIBUTION SYSTEM 
MODELING APPROACHES IN BES IMPACT STUDIES 

 
 In this subsection, case studies are carried out to investigate the performance of 
aggregated distribution system models against full distribution system models. In the case 
studies, the PV penetration level for the representative distribution system is close to 75% of the 
distribution system load; for the overall BES load, it is close to 15%. In the case studies, when 
DER penetration increases, generation capacity and overall inertia in the transmission system are 
scaled down proportionally to reflect the effect of DERs displacing conventional generators. 
 
 The operating scenarios considered in the case studies are summarized in Table 5. 
 
 
Table 5  Operating Conditions for the T&D Networks for the Case Studies. 

Generator Data 
 G1 G2 G3 G4 
Power Output (MW) 673.2  486.85 673.2 673.2 
Inertia (s) 6.25 6.25 5.95 5.95 
AGCa Disabled Disabled Disabled Disabled 
PSS Enabled Enabled Enabled Enabled 
Load Data 
Load in Area 1 967 MW, 100 MVAR (inductive), and 387 MVAR (capacitive) 
Load in Area 2 1242 MW, 100 MVAR (inductive), and 537 MVAR (capacitive) 
Total Load in 
Distribution System 
Connected in bus 9 

505.2 MW, 80.4 MVAR (inductive) 

PVD1 Parameters 
Generation 405 MW, 0 MVAR (reactive power output disabled) 
Protection Settings Refer to Table 4 
Detailed PV Model 
Generation 4*3.375 MW, 0 MVAR (reactive power output disabled) 
Protection Settings  Refer to Appendix A 
No. of Feeders (n) 30 
a AGC = Automatic Generation Control, PSS = Power System Stabilizers.  
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2.2.1 Performance Comparison of Two Modeling Approaches though a Load Step 
Change Case Study 

 
 In this case study, a step increase of 100 MW in load is introduced to the overall load in 
Area 2. This event causes the system frequency to deviate from its nominal value, and the initial 
response depends on the inertia of the synchronous machines connected to the BES. 
 
 For this case study, both “Vrflag” and “Frflag” for the PVD1 model are set to 0. This 
choice indicates that, once part or all of the PV system trips either due to voltage or frequency 
violation, they do not connect back automatically — even after the fault is cleared and the system 
voltage and frequency recover. In this study, the T&D combined model is also referred to as the 
“non-aggregated model” to contrast with the aggregated modeling approach. 
 
 Figure 7 delineates the system frequency deviation from 60 Hz following a 100-MW step 
change in load in the BES. The total simulation time is 80 seconds; and the load change is 
introduced at 20 s. The results compare the system frequency deviation from 60 Hz considering 
both the full distribution system model and the aggregated distribution system model. As the 
model shows, the responses of both models are comparable to one another. 
 
 

 
Figure 7  System Frequency Deviation from a Load Increase of 100 MW for Aggregated and Full 
Distribution System Models. 

 
 
 Figure 8 shows the substation power flow comparison for the aggregated distribution 
system model and the full distribution system model. As the figure shows, both models settle 
down to the same power level following the disturbance. The results in Figure 7 and Figure 8 
validate the aggregation approach utilized to arrive at the parameters of the aggregated models. 
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Figure 8  Substation Power Flow Composition for Aggregated and Full Distribution System 
Models. 
 
 
 Figure 9 shows the comparison of the change in the PV system voltage at the point of 
common coupling (PCC) following the load change. For the full model, all four distributed PV 
systems are considered. The responses using both models are similar, as Figure 9 shows. 
 
 

 
Figure 9  PV System PCC Voltage Deviation Comparison with Aggregated and Full Distribution 
System Models. 
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 Figure 10 compares the frequency at the PCC of the distributed PV systems with that of 
the PVD1 model. The responses of both types of models are comparable to one another. It should 
also be noted that for this test case, the protection system that is implemented (both frequency 
and voltage; see Table 4 for PVD1 and Table 2 and Table 3 for individual PV systems) in the 
DER model for both the detailed PV system and the PVD1 is not triggered, as both the system 
voltage and frequency stay within the allowed ranges. 
 
 

 
Figure 10  PCC Frequency Comparison for Distributed PV Systems in the Full Model and for the 
PVD1 in the Aggregated Model. 
 
 
2.2.2 Performance Comparison of Two Modeling Approaches through a Transmission 

System Fault Case Study 
 
 In this case study, a self-clearing, three-phase-to-ground fault lasting for 12 cycles is 
applied at the middle of the tie-line connecting Areas 1 and 2 at bus 8 (see Figure 1). This event 
causes the system frequency and voltage to deviate from its nominal value and activates the 
protection system implemented in DERs. In this case, the “Vrflag” and “Frflag” for the PVD1 
model are set to “0.” 
 
 Figure 11 shows the frequency response for generator 1 (G1 in Figure 1) when an 
aggregated distribution system model is connected to the BES and when the full distribution 
system model is connected to the BES. It is of note that the nature of the response with both 
models is identical. However, the frequency nadir for the full model is slightly higher than for 
the aggregated model. 
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Figure 11  System Frequency Deviation Following a Self-Clearing, Three-Phase Bolted 
Fault at the Middle of the Tie-Line for Aggregated and Full Distribution System Models. 

 
 
 Figure 12 compares the substation power flow for the two models considered. With the 
full model, note that following the fault, the distribution system first draws in a higher amount of 
power from the BES; and as the fault clears, it tends to revert to the pre-fault condition. 
However, because of the low frequency detected at the PCC terminals, at around 22.6 s all of the 
distributed PV systems disconnect. As the PV systems disconnect, Figure 12 shows that the full 
system then draws in around 467 MW of power as the aggregated model. 
 
 

 
Figure 12  Substation Power Flow Composition for Aggregated and Full Distribution System 
Models. 
 
 
 Figure 13 compares the PCC frequency of the distributed PVs with the PCC frequency of 
the PVD1 model. The responses are comparable to one another; however, for the distributed 
PVs, a second drop in frequency is observed around 22.6 s, which is associated with the 
disconnection of PV systems from the distribution system resulting from a low-frequency 
protection trigger. 
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Figure 13  PCC Frequency Comparison for Distributed PV Systems in Full Model and PVD1 in 
Aggregated Model. 
 
 
 Figure 14 compares the power output of the distributed PVs with the power output of the 
PVD1 model. The power output is shown in p.u. at their respective base values. The PVD1 
model’s power output almost immediately drops down to zero following the fault. This result is 
expected as the PVD1 model does not have any time consideration for tripping offline from the 
voltage sag caused by the fault. However, for the distributed PV system, the PV system rides 
through the fault but trips at a later time because of the slower frequency recovery of the BES. 
 
 

 
Figure 14  PV Output Comparison for Aggregated and Full Distribution System Models. 
 
 
 Figure 15 compares the PCC voltage for the PVD1 model with one of the distributed PV 
systems. It can be observed that the PCC voltage stays in the range between 0.60 p.u. to 0.88 p.u. 
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for less than 2.0 s for both models. However, as mentioned concerning Figure 14, this low-
voltage event causes the PVD1 model to trip immediately, whereas the distributed PV system 
(with the IEEE 1547-a 2014 [4] incorporated) does not trip because of voltage deviation; rather, 
it trips later (after 22.5 seconds) because of frequency deviation. This result causes the PCC 
voltage response to be different for both models. 
 
 

 
Figure 15  PV PCC Voltage for the Distributed PV Model and PVD1 Model. 
 
 
 Even though both the distributed PV systems and the PVD1 model disconnect from the 
grid, each model disconnects for different reasons. 
 
 Given the differences in the results observed in Figure 14 and Figure 15, our 
recommendation is to use the full modeling approach for impact studies to reach more accurate 
results. In the next chapters, the T&D combined model of the full distribution system is utilized 
to study the impact of DERs on the BES. 
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3 DERS IMPACT ON AND CONTROL STRATEGIES TO IMPROVE 
FREQUENCY CONTROL OF THE BES 

 
 
 In this chapter, a virtual-synchronous-generator-based control scheme is proposed for 
DERs, and the scheme’s contribution to the BES inertial response is demonstrated in the first 
section. Then DERs’ impacts on BES net load variability and ramping are studied; and 
mitigation schemes are discussed, implemented, and validated in the second section. 
 
 
3.1 CONTROL STRATEGIES FOR ENHANCING BES FREQUENCY RESPONSE 
 
3.1.1 Fast Frequency Regulation for BES Contingencies 
 
 In recent years, significant inverter-based, inertia-less renewable generation 
(e.g., photovoltaics and wind turbines) has been integrated into both bulk power transmission and 
distribution systems to improve the sustainability of electric power systems. The increasing 
penetration of these DERs displacing conventional synchronous generators (SGs) is rapidly 
changing the dynamics of large-scale power systems. The electric grid is subject to loss of inertia, 
voltage support, and oscillation damping [8]–[11]. These conditions occur because inverter-
interfaced distributed generators (DGs) with conventional control methods, such as P-V droop 
control, still cannot provide sufficient inertia to support the frequency of the grid. Therefore, it will 
be harder for the system to recover from a frequency excursion event. 
 
 To solve this problem the idea of virtual synchronous generator (VSG) has been presented 
in [12], [13] in which the power electronics converter is mimicking the behavior of the SG. 
However, the implementation of virtual inertia in the literature varies based on the desired level of 
model complexity and application while the underlying concept is similar among various 
topologies. A detailed mathematical model which represents the dynamics of SG or simplifying 
the model by using only the swing equation are the two main solutions used for implementing 
virtual inertia [12], [14]. For example, Synchroverters are introduced in [15], [16] for inverter 
based DGs. Similar to Synchroverter approach, another topology is presented in the literature that 
uses the control loop to solve the swing equation in each cycle to emulate inertia, instead of using 
the full detailed model of the SG [17]. Other than these paper presenting the different topologies, 
VSG application is illustrated extensively in the literature. In [18] an enhanced VSG control is 
proposed in which the virtual stator reactance is adjusted to improve the active power oscillations 
during transient states. Furthermore, using inverse voltage droop control and ac bus voltage 
estimation, an accurate reactive power sharing is achieved. In [19], the dynamic characteristics of 
simple droop control and VSG are studied through deriving small signal equations in both islanded 
and grid connected mode and an inertial droop control is then proposed that inherits the advantages 
of droop control but also provides inertial support for the system. Voltage angle deviations (VADs) 
of generators with respect to the angle of the center of inertia are defined in [20] as a tool for 
transient stability assessment of the multi-VSG microgrid. To have a smooth transition during 
disturbances and keeping VADs within a specific range, VSG parameters are tuned using particle 
swarm optimization. In [21] the detailed parameters design of VSG is proposed and also the 
conditions to decouple active and reactive power loops are given. For avoiding VSG output voltage 
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distortions, the author indicates that the bandwidth of the power loop should be smaller than twice 
the line frequency. In [22], the author proposed a virtual inertia strategy for DC micro grids through 
bidirectional grid connected converters to enhance the inertial response of DC micro grids and 
stabilize the DC bus voltage fluctuations. A fuzzy secondary controller-based VSG control scheme 
is proposed in [23] for voltage and frequency regulation in micro grids. [24] proposed a low voltage 
ride through control strategy for VSG control scheme that provides reactive power support under 
grid faults. The solution strategy for VSG working under unbalanced voltage conditions is 
discussed in [25]. A new VSG control is presented in [26] with capability to avoid harmonic 
interference and accurate control vector orientation process. 
 
In this work, the VSG concept will be adopted, where the DG will provide virtual inertia by 
emulating the swing equation of a synchronous generator in the inverter-interfaced DGs control 
to improve the dynamic performance, especially the transient response of the system frequency.  
 
Since the power electronic interfaces used in DGs have no rotating mass and damping, the 
inertial constant in the microgrid is reduced which results in increasing the rate of change of 
frequency (RoCoF) of the grid and may lead to the load shedding even under small disturbances 
in the system. Figure 16 shows the frequency curve of system with different amount of inertia in 
presence of a contingency. For the control and stability of these small scale power grids, a 
hierarchical algorithm including primary, secondary and tertiary control is introduced, similar to 
conventional grids. Droop control for voltage source inverters as an example for primary 
frequency control is discussed in [27], provide barely any inertia/damping support for the grid. 
 

 
Figure 16  Represenation of a Multiple Time-frame Frequency Response in a Power 
System Following a Frequency Event. 
 
 
3.1.2 Proposed VSG-based Control for DERs 
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 Without any mechanical rotational part, inverters have a high response speed compared 
to the conventional rotational machines [30]. Virtual inertia concept is introduced as a solution to 
overcome this limitation [31]. By emulating the mechanical equation of a real synchronous 
generator into the inverter, similar behavior can be assumed during normal operation of the 
system and frequency disturbances; for example, when there is a sudden change (increase or 
decrease) in active power. Utilizing VSG algorithm, synchronized active power can be injected 
from the PV to the grid to stabilize the frequency [32], [33]. In this paper, during normal 
operation of the system (rated frequency and voltage), the perturb and observe method (P&O) 
sets the active power reference Pref by measuring voltage and current of the PV [34]. This active 
power is controlled in two stages. At the first stage, primary frequency is implemented in the 
same way as a SG. In the second stage virtual inertia and damping are added to complete the 
loop. The result is a reference angle that will be fed into park transformation [35]. VSG control 
can be divided into two sections. First, the mechanical swing equation needs to be emulated and 
solved numerically. Then the results are used as a reference to control the voltage and current of 
the inverter. Figure 17 depicts the proposed VSG control in a PV DG.  
 
 

 
Figure 17  The Proposed VSG-based Multi-Loop Control Method in a PV DG. 
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Figure 18 VSG control schematic 
The schematic for the VSG control loop is shown in Figure 18. Mechanical equation of a SG 
assuming that the rotor is a rigid body can be described as 
 
 

�

𝑑𝑑𝑑𝑑
𝑑𝑑𝑑𝑑

= 𝜔𝜔

2𝐻𝐻
𝑑𝑑𝜔𝜔
𝑑𝑑𝑑𝑑

= 𝑇𝑇𝑚𝑚 − 𝑇𝑇𝑒𝑒 − 𝐷𝐷∆𝜔𝜔
 

where H is the inertia constant in p.u. derived from  

J = 2H
𝑆𝑆𝑏𝑏𝑎𝑎𝑏𝑏𝑒𝑒
𝜔𝜔02

 

where Sbase is the base power of the machine, ω is the angular frequency of the SG and ω0 is the 
rated angular frequency [36]. 
 
Tm and Te are the mechanical output torques of the prime mover and the electromagnetic torque 
of the SG respectively and can be calculated using: 

�
𝑇𝑇𝑚𝑚 = 𝑘𝑘𝑓𝑓(𝑓𝑓0 − 𝑓𝑓) +

𝑃𝑃𝑟𝑟𝑒𝑒𝑓𝑓
𝜔𝜔

𝑇𝑇𝑒𝑒 =
𝑃𝑃𝑒𝑒
𝜔𝜔

 
 

 
in which Pref is the rated active power and Pe is the output power of the DG. The primary 
frequency control method and damping coefficient are working here similar to a real SG and are 
achieved through a proportional cycle in which kf is the droop coefficient and D is called the 
damping coefficient. Typically for synchronous machines H varies between 2 and 10 s [37]. The 
VSG response at a specific output power and voltage is determined by parameters of its second 
order differential equation which are the real part of its eigenvalues σi and the damping ratio ξi. 
These parameters are related to J and D directly through the following equation set: 

𝜎𝜎𝑖𝑖 = −
𝐷𝐷𝑖𝑖

2𝐽𝐽𝑖𝑖 𝜔𝜔𝑏𝑏
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𝜔𝜔𝑛𝑛𝑖𝑖 = �
𝑃𝑃𝑚𝑚𝑎𝑎𝑚𝑚  cos(𝑑𝑑𝑖𝑖𝑎𝑎)

𝐽𝐽𝑖𝑖 𝜔𝜔𝑏𝑏
 

𝜉𝜉𝑖𝑖 = − 𝜎𝜎𝑖𝑖
𝜔𝜔𝑛𝑛𝑖𝑖

, 
 
where Pmaxi is the maximum transferable power from the VSG bus to the grid, θig is the voltage 
angle of the VSG with respect to the grid and ωni is the undamped natural frequency of the VSG. 
At any working conditions, the parameters corresponding to the desired system response can be 
achieved by tuning J and D [38]. 
 
Reactive Power and Voltage (Q-E) Control 
 
Controlling the voltage is achieved by regulating the reactive power as follows:  

𝐸𝐸𝑟𝑟 = 𝐸𝐸0 + 𝑘𝑘𝑞𝑞�𝑄𝑄𝑟𝑟𝑒𝑒𝑓𝑓 − 𝑄𝑄� , 
 
where Er is the reference voltage, kq is reactive power droop coefficient and E0 is the nominated 
voltage amplitude. 
Inner Voltage and Current Control Loops 
 

This control loop features a conventional outer voltage and inner current loop. Its primary 
function is to regulate the output voltage with no steady state error while quickening the dynamic 
response of the current loop to strengthen the ability of inverter control. This can be achieved 
through the outer voltage and inner current control loop. The calculated reference voltage Er is 
set as the reference for the outer voltage loop. Since the control is achieved in constant reference 
frame, Er is transformed from synchronous to dq reference frame using Park transformation with 
the calculated angle in VSG control as the input angle for the transformation.  
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⎤

 

Four PI (proportional integral) controllers are then used to regulate the d-q axis terminal 
voltage and current, respectively. The controller will guarantee stable steady-state and dynamic 
performance. The output of the controller will be the modulation signals that will be sent to the 
pulse-width- modulated (PWM) generator to drive the inverter’s switches. 
 
 
3.1.3 Impact of DERs with and without VSG on BES 
 
 Figure 19 shows the sample power grid with generation, transmission and distribution 
simulated in MATLAB/Simulink. The Kundur’s two-Area system with parameters taken from 
[28] which is comprised of four synchronous generators (two in each area) that are boosting up 
with transformers and connected through transmission lines. The areas are connected to each 
other through a tie line. IEEE 13 node test feeder [29] is used as distribution system. The DGs 
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such as PV and battery energy storage unit (BES) are connected to distribution system using a 
voltage source inverter (VSI). PV system includes PV arrays and a unidirectional boost DC-DC 
converter which is working under perturb and observe (P&O) maximum power point tracking 
(MPPT) control. BES includes batteries and a bidirectional boost DC-DC converter controlled by 
multi-loop voltage and current control. The outer loop controls voltage and inner loop controls 
current through proportional integral (PI) controllers. The BES and PV unit are connected in 
parallel and form the DC link. 
 
This model was used to study different cases such as normal operation and under sudden changes 
in loads to investigate the impact of DERs with VSG on the system frequency regulation. The 
DC output voltage of the PV system is 30 kV, and the AC voltage regulated by the inverter is 
13 kVL-Lrms. The controller of the VSG is described in Section 3.1.2.  
 

 
Figure 19  T&D Combined System with VSG Technologies. 
 
 
 First, multiple simulations are performed where the inertia of generator 3 (G3) in Area 2 
is reduced without adding any DERs into the system. In each simulation, a sudden load increase 
in Area 1 is introduced at 25 s. The system frequency is captured in Figure 20, which shows that 
the frequency nadir is increased with decreasing the inertia. This result corresponds to the effect 
of adding DERs to the system and replacing the synchronous generators. 
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Figure 20  System Frequency with Different Inertia in SGs. 

 
 
 The next two sets of simulations are conducted to study the effect of DERs with and 
without VSG on the BES. For the multiple cases simulated, the total simulation time is 
80 seconds, and a sudden load increase of 160 MW in Area 1 is introduced at 25 s. In Figure 21, 
the system frequency performance is compared for three scenarios: (1) with no DERs, (2) with 
state-of-the-art power electronics inverters that do not emulate inertia, and (3) with DERs 
equipped with VSG with an emulated inertia effect. The DERs are rated at 200 MW. Figure 22 
compares the system frequency performance for the same three scenarios, and the only 
difference is that the DERs are rated at 400 MW. The results in Figure 21 and Figure 22 show 
that the frequency nadir decreases when DERs without virtual inertia are integrated, and the 
frequency nadir increases when DERs with virtual inertia are integrated. 
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Figure 21  System Frequency with No DERs, with DERs but No Inertia Emulation, and with DERs 
and Inertia Emulation, respectively, at 200 MW. 
 
 

 
Figure 22  System Frequency with No DERs, with DERs but No Inertia Emulation, and with DERs 
and Inertia Emulation, respectively, at 400 MW. 
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 In addition, four sets of simulations are conducted in which the DERs penetration level in 
Area 2 is increased from 0 MW, to 200 MW, 400 MW, and finally 600 MW. For each DERs 
penetration level, the SGs’ capacity and inertia in Area 2 (SG #3) is reduced accordingly to 
simulate the effect of DERs displacing SGs and how the virtual synchronous generator will 
emulate the inertia lost by decreasing the SGs’ capacity. Throughout all four sets of simulations, 
the configuration of Area 1 is kept constant, i.e., without any DER penetration. The system 
frequency response corresponding to the different DER penetration levels is depicted in Figure 
23, which shows that the VSG is emulating the generator inertia; and therefore, even with a large 
increase in the DER penetration level, the frequency nadir is almost the same as with the 
generators only. 
 
 

 
Figure 23  Effect of DER with VSG on BES Frequency. 

 
 
3.2 DERs’ IMPACT ON BES NET LOAD VARIABILITY AND RAMPING AND 

MITIGATION SCHEMES 
 
 Local and state governments in the United States have mandated, through renewable 
portfolio standards (RPSs), that a fixed percentage of electricity produced by utilities serving in 
the area must be generated through renewable energy resources. This mandate has subsequently 
resulted in a proliferation of grid-connected DERs. The extensive body of literature on the 
impact of the large-scale integration of DERs suggests that the unplanned interconnection of 
large numbers of DERs can have an adverse impact on the power grid. Adverse impacts that can 
result could be in terms of controllability, interoperability, and visibility of the load in the 
system. As DERs’ power output can be variable, extra levels of precaution are required in the 
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operation of the power grid. One of the major issues that can become evident during power grid 
operation with high penetration of solar-based PV systems is the inability to meet the ramp rate 
of demand in the system during the evening as PV power output drops. 
 
 Consider a power grid with a large penetration of PV systems: in such systems, as the sun 
sets and generation from the PVs reduces, the conventional generators must pick up the slack. 
Such a scenario can be worsened when the load demand in the system starts to increase in the 
evening hours, driving an even higher rate of change of generation from the conventional 
generators. However, there is an intrinsic limit on the rate of change of generation possible with 
conventional generators. Thus, an unplanned, large-scale penetration of renewable energy 
resources can be detrimental to the operation of the power grid because of their effects on the 
system net load. 
3.2.1 Case Study on the CAISO System 
 
 The “net load” of a distribution system is defined as the actual load minus the power 
output from variable generation sources (i.e., DERs  such as wind, PV, etc.) connected to the 
distribution system. Understanding the nature of net load is crucial as it represents the portion of 
the load that is to be served by the conventional generator sources. Studies performed by the 
California Independent System Operator (CAISO) found that the increased penetration of 
renewable energy resources in the power grid caused the net load observed in the system to drop 
during the day and quickly ramp up to a late-day peak. Furthermore, as the penetration has 
grown during the period of study, the drop and ramp-up of net load was observed to be more 
pronounced (i.e., more stressful on the distribution system). This net load pattern resulted in the 
“duck curve” chart shown in Figure 24. 
 
 

 
Figure 24  Average Net Load in the CAISO Studies (in red) and the Actual Load (black) in the 
System. 
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 A recent study [28] discusses that the cause of the duck curve in terms of system load is 
attributable not only to DERs but also to utility-scale solar farms. In addition, it is prudent to 
understand the underlying cause of the duck curve in the system before setting out to develop a 
solution, given that the solution for DERs may differ from that for the utility-scale PV system. 
An analysis of system load (i.e., total load in the system minus the load served by behind-the-
meter systems) shows that from January 2011 to June 2016 in [28] for California, the system 
load is essentially unchanged — indicating that the duck curve behavior evident in the net load 
could be caused by the utility-scale PV systems.  
 CAISO provides historical energy management system (EMS) hourly load data and PV 
generation data through its website [40]–[41], which has been utilized in this case study to 
demonstrate the load ramping impact caused by PV penetration. 
 
 Figure 24 shows the net load observed by CAISO for two different cases – with and 
without PV generation. It is evident that with PV generation, the net load in the system drops 
during the day owing to the power supplied from PV generation and ramps up at a faster rate 
during the evening as the sunset coincides with a period of increased load demand. On a 
particular day — May 1, 2018 — the net load ramp rate increases from 676 MW/hr to 
2,122 MW/hr because of the PV generation for the duration between 3 pm to 8 pm. The PV 
generation for this day is shown in Figure 25. 
 
 

 
Figure 25  PV Power Generation in the CAISO Area on May 1, 2018. 

 
 
 To address the challenges brought by the steep demand ramping, two possible solutions 
have been discussed in the industry, as follows: 
 

a) Flatten the duck curve: This approach essentially means consuming excess generation 
during the day or curtailing solar generation during the day to prevent the decrease in net 
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load from morning to early evening hours. If the consumer loads can be shifted from 
evening to the daytime when the solar output is higher, then the demand during the 
evening would not rise as quickly and as high as in the scenario without any load 
management. Utilities are now offering new pricing mechanisms based on the time of 
the day to encourage consumers to use electricity during the day when solar is more 
abundant. The other solution that has been given consideration is the curtailment of PV 
during the daytime. If PV output is curtailed during the daytime, then the drop in net 
load during the daytime would not be so low to create a steep evening ramp. 

 
b) Fatten the duck curve: This approach means adding new but more dispatchable resources 

into the power grid, such as through the use of electric vehicles and energy storage 
systems. For example, if battery energy storage systems (BESSs) are added to the grid, 
they can be charged during the day when PV generation is higher and can be discharged 
in the evening to reduce the steep evening ramp as the sun goes down. However, BESSs 
may be too cost prohibitive to be widely deployed. 

 
 Recently, BESSs have emerged as a promising solution to this problem. By utilizing 
BESSs, adverse impacts caused by the sudden fluctuations in PV generation can be negated, thus 
leading to a more reliable and stable grid. Figure 26 demonstrates how a BESS can be used to 
minimize the load ramp rate caused by fluctuations in PV generation. 
 
 

 
Figure 26  Net Load in the CAISO Studies with and without PVs and with the Use of the BESS. 

 
 
 In this case study, a simple approach is used in which the BESS stores the excess power 
generated by PVs. Please note that for this demonstration, the BESS is not discharged in the 
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evening to lower the net load. Improved net load smoothing can be achieved through various 
techniques and will be addressed in Section 3.2.2. 
 
 
3.2.2 Case Study on Kundur Two-Area System 
 
 In this section, the 5-minute sampled load profile from CAISO is scaled to appropriately 
fit the Kundur Two-Area system such that during the maximum load demand in the system 
without any DERs, Area 1 exports power equal to 420 MW to Area 2. The aggregated loads in 
both Areas 1 and 2 are replaced by a dynamic load, where the load profile obtained from CAISO 
is shared proportionally between the loads in two areas in the same ratio as in the base case. 
Similarly, PV power output obtained from CAISO is also scaled proportionally to represent 
various penetration levels of PVs in the system. The total PV power output is divided equally in 
both areas, such that for a total PV power output of 500 MW, each area contributes 250 MW. 
Four different sets of simulations are performed to demonstrate the “duck-curve” phenomena in 
the system. Figure 27 shows a comparison of the net load in the system for the base case without 
PVs and for three cases when the maximum PV power output is 250 MW, 500 MW, and 
800 MW, corresponding to 8%, 18%, and 29% penetration levels, respectively. Figure 27 shows 
that as the PV penetration increases and the evening load ramp-up coincides with the drop in PV 
power output after sunset, the slope in net load demand during the evening hours becomes 
steeper. This outcome has a direct impact on the frequency regulation capability of the system as 
the conventional generation sources may not be able to follow this steep change in the load 
demand. Table 6 reports a comparison of net load ramping rates observed on evening hours from 
5 pm to 8 pm for different levels of PV penetration. 
 
 
Table 6  Comparison of Net Load Ramping Rates at Different PV Power Output Levels. 

PV Power Output 0 MW 250 MW 500 MW 800 MW 
3-hour (5 pm to 8 pm) Net Load Ramping (MW/hr) 43 118 192 267 
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Figure 27  Net Load as Seen on the Kundur Two-Area System with and without PVs. 
 
 
 To mitigate the impact of large penetration levels of PV systems on the BESS, as 
discussed before, there can be two approaches. Here, we adopt the approach that involves the use 
of a BESS. The BESS will counterbalance the negative impact that the PV has on the net load: 
when PV generation increases, the BESS can act as a load; and when PV generation starts to 
ramp down, the BESS can act as a source. Figure 28 shows how the use of the BESS can 
minimize the net load ramp-up for the case with 800 MW of PV power output. 

 
Figure 28  Comparison of the Net Load Profile with no PV, with PV and no BESS, and 
with both PV and BESS. 

 
 
 Through the use of the BESS, the evening’s steep slope in the net load curve can be 
reduced. In this case, the 3-hour ramp rate of net load is reduced to 159 MW/hr from 267 
MW/hr, which considerably reduces the ramping requirements on the conventional generation 
sources. Figure 29 shows a flowchart of a simple management scheme implemented to minimize 
the net load ramp rate using the BESS. The scheme monitors the power flow at the substation 
bus and sends data every 5 mins to the smoothing algorithm. The algorithm then compares the 
substation load data with the desired load flow reference. Based on the difference between the 
reference and actual substation load flow, BESSs downstream of the substation bus are requested 
to charge or discharge to bring the actual load flowing from the substation to the reference level. 
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Figure 29  Flowchart of the Implemented Algorithm for Minimizing the Net Load 
Ramping Rate in the BES. 
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4 DERs’ IMPACT ON AND CONTROL STRATEGIES TO IMPROVE 
THE VOLTAGE STABILITY OF THE BES 

 
 
 This chapter examines DERs’ impact on — and the control strategies to improve — the 
voltage stability of the BES. Using the T&D combined model, this chapter first explores how the 
combination of various slopes and time delays of DER VVC curves can affect BES voltage 
control during normal operations. The impact of interactions between multiple DERs with VVC 
enabled on the BES is also examined through case studies. This chapter further presents case 
studies demonstrating that dynamic DER reactive power support can help maintain BES voltages 
during abnormal conditions. 
 
 
4.1 IMPACT OF DER VVC ON BES VOLTAGE DURING NORMAL OPERATIONS 
 
 
4.1.1 Comparison of Performance of Line Regulators and Reactive Power Support from 

DERs on Voltage Regulation of the BES 
 
 The objective of this section is to compare the DERs’ reactive power support capability 
with line regulators to support BES voltages. To facilitate the studies, three scenarios with 
various combinations of availability of DER VVC and line regulators are created, as shown in 
Table 7. 
 
 

Table 7  Combination of Various Availabilities of 
DER VVC and Line Regulators. 

 
 

DER VVC 
 

Line Regulators 
   

Case 1 Disabled Disabled 
Case 2 Enabled Disabled 
Case 3 Disabled Enabled 

 
 
 Figure 2 shows the location of DERs and line regulators in the distribution feeder. The 
settings of the line regulators are shown in Table 8. Figure 30 illustrates the VVC curve used in 
DERs; the corresponding settings of the Volt-VAR curve are as follows: 
 

VL = 0.50 p.u., V1 = 0.90 p.u., V2 = 1.00 p.u., V3 = 1.00 p.u., V4 = 1.10 p.u., VH = 1.2 p.u. 
 
 IEEE Standard 1547-2018 suggests these parameters as default values for the Volt-VAR 
curve implementation for Category A DERs. Category A requires DERs to have the minimum 
performance capabilities needed for Area EPS voltage regulation, and almost all of the state-of-
the-art DERs can attain these requirements. The volt-VAR control for DER is enabled at time 
t=10 seconds for this case study. 
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Table 8  Operational Settings Used for 
Line Regulators. 

Line Regulator 1 Settings 
Tap Selection time  4 seconds 
Reference Voltage 1.02 p.u. 
Dead band 0.03 p.u 
Tap change delay 1 second 
Line Regulator 2 Settings 
Tap Selection time  4 seconds 
Reference Voltage 1.03 p.u. 
Dead band 0.03 p.u 
Tap change delay 1 second 
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Figure 30  DER Volt-VAR Curve Illustration. 

 
 
 The test system is subjected to a 75-MW load increment at 20 secs, 30 secs, and 40 secs 
in bus 9 of Area 2. The operational conditions for the T&D systems for the case studies are 
reported in Table B-1. 
 
 Figure 31 shows the comparison of the voltage profiles following the load changes in 
Area 2 at the sending-end and receiving-end of the tie-line for three cases. The first is the base 
case or Case 1 (black solid line) without any form of voltage regulation from line regulators or of 
reactive power support of DERs. In the second case or Case 2 (red dotted line), DER VVC is 
enabled and line regulators are disabled. In the third case or Case 3 (blue dotted line), line 
regulators are enabled and DER VVC is disabled. The receiving-end voltage for the case with 
only voltage support from line regulators is the lowest, which demonstrates the possible BES 
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voltage instability that can be caused by the distribution system’s line regulator operation. The 
line regulators maintain the voltage within the distribution system close to the nominal value but 
do not inject reactive power into the system, thus causing the voltage–dependent, constant-
impedance types of loads to draw the reactive as well as active power they need from the BES. 
With more power drawn from the BES by the distribution system, the voltage on the receiving 
end of the tie-line voltage falls to a lower value. If the load continues to increase and the line 
regulator operates to maintain the voltage within the distribution system, the BES voltage may 
continue to fall, and the system may become unstable. 
 
 

 
Figure 31  Transmission Bus Voltage Comparison (note: LREG = line regulation; VVAR = Volt-
VAR ). 
 
 
 However, a different response is observed for the case that has enabled reactive power 
support from DERs. First, we note that the voltage at the receiving end of the tie-line is higher 
than the base case and the case with only voltage regulation from line regulators. This result 
occurs because DERs provide reactive power support by injecting the reactive current into the 
system, which is different from a line regulator’s action that changes the voltage in the 
distribution system by changing the transformer tap’s position. As the load increases in the 
system, the voltage drops as increased current is drawn; however, without the assistance of a line 
regulator to maintain the distribution system voltage, the voltage-dependent loads themselves 
start to draw lesser amounts of current. In addition, as the DERs notice the drop in voltage, they 
inject reactive current into the system, thereby offsetting the reactive current that would have 
been drawn from the BES by the loads. Because of this reactive power offset from the DERs, the 
receiving-end voltage will not fall as low as it does in the case where only the line regulators 
provide voltage support, and it is better than the base case where no form of support is provided. 
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This result shows that the voltage support from DERs can support the BES voltage and possibly 
delay or avoid voltage instability in the system. 
 
 Figure 32 compares the active and reactive power flowing into the distribution system for 
the different cases. The reactive power consumed by the distribution system falls in the case 
where the DERs provide voltage support because of the reactive power support from the DERs. 
As the load on the receiving end of the transmission system increases, the voltage in the 
receiving end falls; and as the distribution system loads, in our studies, are voltage dependent, we 
see a fall in power consumption in the distribution system in the base case that receives no form 
of reactive power support or voltage regulation. With voltage regulation from the line regulator, 
the power drawn by the distribution system increases slightly, causing more current to be drawn 
from the transmission system and eventually leading to lower voltage levels in the transmission 
system (see Figure 31). 
 
 

 
Figure 32  Distribution System Substation Power Flow Comparison. 
 
 
 Because of significant amounts of reactive power support from the DERs, along with 
lower voltage at the distribution system connected to the receiving end of the transmission bus, 
the reactive power flowing into the distribution system can be observed to be dropping, which 
eventually leads to a better voltage in the receiving end of the transmission bus as compared to 
the base case. 
 
 Figure 33 shows the tie-line active power flow between Areas 1 and 2 for the different 
cases considered. The lower value of the tie-line power flow for the case without voltage 
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regulation from line regulators and reactive power support from the DERs is associated with the 
reduced active power consumed by the distribution system as shown in Figure 32. Figure 31 
shows the comparison for the terminal voltages of the two tie-lines connecting Areas 1 and 2 for 
the different cases considered. As expected, the receiving-end voltage of the transmission bus is 
lower for the cases with line regulators enabled. With the line regulators enabled, the distribution 
system voltage increases, which leads to the result that the distribution system consumes more 
active power compared to the two other cases with line regulators off (see Figure 32). This 
increased power consumption leads to increased tie-line power flow, as well as reduced 
receiving-end voltage. Because of the reactive power support from DERs, the receiving-end 
voltage for Case 2 is higher than it is for Case 1, which leads to the voltage-dependent load 
drawing more power, thereby increasing the tie-line power flow. 
 
 

 
Figure 33  Tie-line Active Power Flow Comparison. 

 
 
 Figure 34 compares the reactive power output for the different cases considered. The 
reactive power injection from the DERs is only enabled for the case where Volt-VAR support is 
enabled. The figure shows that the reactive power support from the DERs increases as the 
distribution system voltage connected to the receiving end of the BES drops, which is caused by 
the increase in the load connected to the receiving end of the BES. Because of the reactive power 
injected from the DERs as shown in Figure 34, the reactive power demand in the distribution 
system is observed to fall in Figure 32. It is also of note that the reactive power support from 
DERs in Figure 34 differs from each source, which is dependent on the voltage at the PCC of the 
individual DER. 
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Figure 34  PV Reactive Power Output Comparison. 

 
 
4.1.2 Impact of Different DER Volt-VAR Curves (under Same Time Delay) on BES 

Voltage Regulation 
 
 This section covers how BES operation is affected by DERs’ various slopes of the Volt-
VAR curve with time-delayed voltage regulation. This study introduces a time delay of 10/60 
seconds between the reference generated by the Volt-VAR curve and the reference provided to 
the inverter control. The time delay considered in this study represents the sum of the response 
delay and other inherent delays in the DER control loop. While keeping the VVC time delay 
constant, this case varies the slope of the Volt-VAR curve to evaluate the impact of different 
Volt-VAR settings implemented with the DERs on the voltage regulation of the BES and the 
distribution system. 
 
 The average dynamic model represents the DERs, and Figure 30 illustrates the Volt-VAR 
curve that has been implemented. The settings used for the Volt-VAR curve are as follows: 
 

a. Setting 1 (mild Volt-VAR): 
VL = 0.50 p.u., V1 = 0.82 p.u., V2 = 1.00 p.u., V3 = 1.00 p.u., V4 = 1.18 p.u., VH = 1.2 p.u. 

 
b. Setting 2 (normal Volt-VAR): 
VL = 0.50 p.u., V1 = 0.90 p.u., V2 = 1.00 p.u., V3 = 1.00 p.u., V4 = 1.10 p.u., VH = 1.2 p.u. 

 
c. Setting 3 (steep Volt-VAR): 
VL = 0.50 p.u., V1 = 0.98 p.u., V2 = 1.00 p.u., V3 = 1.00 p.u., V4 = 1.02 p.u., VH = 1.2 p.u. 
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 In the settings, VH and VL represent the upper and lower voltage limits for continuous 
operation of DERs. Beyond these voltage levels, the DERs’ output saturates at the allowed 
maximum or minimum of the reactive power output capability. (The above settings are referred 
to as mild Volt-VAR, normal Volt-VAR, and steep Volt-VAR, respectively, in the balance of the 
document.) Setting 1 and Setting 3 are based on the maximum and minimum allowable settings 
for a Volt-VAR curve as suggested in IEEE Standard 1547-2018, and Setting 2 is the average of 
these two settings. 
 
 Please note that in all of these cases, there is no dead band in the Volt-VAR curve. The 
system operating condition in this case is tabulated in Table B-1. 
 
 In this section’s case study, the test power system is operating at normal conditions 
throughout, and the Volt-VAR control from DERs in Area 2 is activated at 5 seconds. The 
purpose of this study is to evaluate the impacts of slower response times of DERs (due to delays 
in the control loop) in combination with different Volt-VAR settings on the overall stability of 
the system. 
 
 The literature [42] demonstrates that the delay in the response of the Volt-VAR-based 
voltage regulation from DERs can lead to system voltage oscillations and even instability; and 
thus the response times of Volt-VAR curves should be carefully evaluated. This study indicates 
that slow response coupled with steep Volt-VAR settings may cause system instability; thus, the 
setting of Volt-VAR curves should be well coordinated with the response lag of the DERs. It is 
also important to note that while the line regulators are modeled in the test case, their operation is 
disabled. 
 
 In this test case, neither the drop in the system frequency nor the voltage deviation is 
sufficient to trigger the frequency- and voltage-related protection settings of DERs. In addition, 
the Frequency-Watt control of the DERs is disabled in this case. 
 
 Figure 35 shows the PV reactive power output for the four PV systems implemented in 
the test distribution system for each of the three different Volt-VAR settings and with the time 
delay fixed at 0.1667 s. The figure shows that before the Volt-VAR support is enabled, the DER 
can maintain its reactive power output close to 0. Then, when the Volt-VAR control is enabled, 
the reactive power output from DERs settles down to a constant value depending on the voltage 
deviation from the nominal set-point for both the mild Volt-VAR setting and normal Volt-VAR 
settings. However, for the case with steep Volt-VAR, as soon as the Volt-VAR control is 
enabled, the reactive power output starts oscillating for all four PV systems. What we have 
observed in this scenario is that the local DERs’ Volt-VAR controller becomes completely 
unstable when a steep Volt-VAR setting is coupled with slowly responding DERs. 
 
 



 

44 

 
Figure 35  PV Reactive Power Output Comparison for Different Volt-VAR Settings. 

 
 
 The oscillations are caused as a small change in voltage demands a larger variation in 
reactive power output, which, when delayed, has a delayed effect on the voltage; thus, the 
voltage is never corrected at the proper time. This results in further voltage deviation, causing a 
feedback loop that leads to oscillatory behavior. 
 
 Figure 36 shows the PV PCC voltage comparison for the different cases considered. The 
figure shows that for the case with the mild and normal Volt-VAR settings, the PV PCC voltage 
settles down to a value close to the nominal value after some minor oscillations upon the 
enabling of the Volt-VAR control. However, with the steep Volt-VAR setting, the PV PCC 
voltage magnitude oscillates continuously and does not settle down. Beyond a certain slope 
threshold for volt-VAR settings, the case study [see Figure 35] indicates that small changes in 
voltages result in large changes in reactive power, causing even larger changes in the DERs’ 
terminal voltage, as well as sustained oscillation of PV PCC voltage. This result suggests that the 
Volt-VAR settings for DERs should be coordinated with their response times, so as to avoid 
sustained voltage oscillations in the system. 
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Figure 36  PV PCC Voltage Comparison for Different Volt-VAR Settings. 

 
 
 Figure 37 shows the comparison between the sending-end and receiving-end voltage of 
the tie-line connecting Area 1 to Area 2 of the test power system. The figure shows that when the 
steep Volt-VAR setting is applied, there are sustained oscillations on both sending- and 
receiving-end voltages and the oscillation magnitude is higher for the receiving-end voltage. This 
result shows that when the DER penetration level is high, the DER voltage regulation settings 
should be well coordinated, or the impact can be observed up to the transmission system. 
 
 

 
Figure 37  Tie-Line Bus Voltage Comparison for Different Volt-VAR Settings. 
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 Figure 38 and Figure 39 compare the active and reactive power, respectively, flowing 
toward the distribution system from the bulk power grid. The figures show that when the steep 
Volt-VAR setting is applied, the oscillations in the PV active and reactive power output can lead 
to oscillations in the active and reactive power flowing from the transmission system to the 
distribution system. When mild and normal Volt-VAR settings are applied, with reactive power 
support from DER, the reactive power consumed by the distribution system from the BES can be 
reduced; however, this event might lead to increased consumption of active power by the 
voltage-dependent loads in the distribution system. 
 
 

 
Figure 38  T&D Boundary Bus Active Power Flow Comparison for Different Volt-VAR Settings. 

 
 

 
Figure 39  T&D Boundary Bus Reactive Power Flow Comparison for Different Volt-VAR Settings. 



 

47 

 Figure 40 shows the comparison between the tie–line’s active power flow with different 
Volt-VAR settings in DERs. The figure shows that in the case with mild and normal Volt-VAR 
curves, the oscillations in tie-line power flow are dampened. However, for the cases with steep 
Volt-VAR control, the oscillations in tie-line active power flow are sustained because of the 
sustained oscillations in the reactive power output of the DERs associated with the combination 
of time delay and steep Volt-VAR setting. 
 
 

 
Figure 40  Tie-Line Power Flow Comparison for the Case with Different Volt-VAR Settings. 

 
 
 Figure 41 shows the generator rotor speed for different generators in the test system for 
the cases considered, where the effect of the steep Volt-VAR control is reflected on the rotor 
speed of  nearby2? generators (G3 and G4 in Area 2). The figure shows that the rotor speed of 
generators G3 and G4, which are close to the modeled distribution system, have higher rotor 
speed oscillations as compared to generators G1 and G2. This result could also be attributable to 
the reduction in effective inertia in Area 2 that results from the larger penetration of DERs in 
Area 2. More studies are conducted to verify this finding. 
 
 

 
2 The nearby generators are the ones in the same area as the PV systems, in this case Area 2. 
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Figure 41  Generator Rotor Speed Comparison for Different Volt-VAR Settings. 

 
 
4.1.3 Impact of Different Time Delays of DERs’ Volt-VAR Control on BES Voltage 

Regulation 
 
 This section addresses the impact of different time delays in the DERs’ Volt-VAR 
implementation on the voltage regulation of the distribution system and BES stability. 
 
 The setting used in the DER Volt-VAR curve for this study (based on [43]) is as follows: 
 

VL = 0.50 p.u., V1 = 0.99 p.u., V2 = 1.00 p.u., V3 = 1.00 p.u., V4 = 1.01 p.u., VH = 1.2 p.u. 
 
 Please note that this particular test case has steeper settings as compared to other cases 
studied in this chapter. 
 
 In this section, the test power system is operating at normal conditions throughout the 
entire length of simulation, and the Volt-VAR support from DERs is activated at 10 seconds.   
 
 The scenarios considered are: (1) without any delay in the voltage regulation, and 
(2) with some delay in the voltage regulation. Specifically, the time delays considered in the 
response between voltage measurement and reactive power dispatch from the Volt-VAR 
controller are 𝜏𝜏𝑑𝑑 = 0.0833 s and 0.16667 s, respectively. For all of the scenarios considered in 
this case study, the response delay resulting from the filter time constant in the voltage 
measurement blocks is used. This response delay is different from the external delay, which is 
used to simulate the communication/signal transfer delay in the volt-VAR control loop. 
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 Figure 42 shows the PV reactive power output for the four PV systems both without 
delay and with different time delays in the Volt-VAR control. In the “without delay” case, there 
are no external delays placed in the loop. However, the response delay due to the filter time 
constant used in the voltage measurement blocks is still used. The figure shows that before the 
Volt-VAR control is enabled, DERs can maintain their reactive power output close to 0. In 
addition, once the Volt-VAR control is enabled, for the scenario without any time delay, the 
reactive power output of the DERs is constant depending on the voltage deviation from the 
nominal set-point. However, for the scenarios with time delays, as soon as the Volt-VAR control 
is enabled, the reactive power output starts oscillating, and the magnitude and frequency of the 
oscillation are observed to be dependent on the amount of the time delay. What we have 
observed in this scenario is that the controller becomes completely unstable when DERs start 
operating in Volt-VAR control mode. 
 
 Oscillations are caused as small changes in voltage demand a larger variation in reactive 
power output for steep volt-VAR settings. On top of that, when the reactive power injection to 
compensate the voltage changes is delayed, the voltage change will not be effectively negated by 
the reactive power injection. Instead, this delayed reactive power injection can change the 
voltage further, causing a feedback loop that leads to oscillatory behavior as the voltage error 
cannot be driven to zero. 
 
 

 
Figure 42  PV Reactive Power Output Comparison for the Scenarios with and without Time Delays 
in Volt-VAR Control. 
 
 
 Figure 43 shows the PV PCC voltage comparison for the different scenarios. The figure 
shows that for the scenario without any time delay in the Volt-VAR control, the PV PCC voltage 
settles down to a value close to the nominal value. However, with time delays in the Volt-VAR 
control, the PV PCC voltage magnitude oscillates. 
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Figure 43  PV PCC Voltage Comparison for the Scenarios with and without Time Delays in 
Volt-VAR Control. 

 
 
 Figure 44 shows the comparison between the sending-end and receiving-end voltage of 
the tie-line connecting Area 1 to Area 2 in the test power system. The figure shows that with 
time delays, sustained oscillations are observed in both sending- and receiving-end voltages, and 
the oscillation magnitude is higher for the receiving-end voltage. In addition, a longer time delay 
contributes to a higher oscillation magnitude. 
 
 

 
Figure 44  Tie-Line Bus Voltage Comparison for the Scenarios with and without Time Delays in 
Volt-VAR Control. 
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 Figure 45 compares the active and reactive power flowing toward the distribution system 
from the bulk power grid for different scenarios with and without time delays in Volt-VAR 
control. As the figure shows, when time delays are applied, and in combination with the very 
steep Volt-VAR curve, the oscillations in the PVs’ active and reactive power outputs can lead to 
oscillations in active and reactive power flowing from the transmission system to the distribution 
system. 
 
 

 
Figure 45  T&D Boundary Bus Power Flow Comparison for the Scenarios with and without Time 
Delays in Volt-VAR Control. 
 
 
 Figure 46 shows the comparison of tie-line active power flows both with and without the 
time delays in the DERs VVC. The figure shows that for the scenario with no delays in the Volt-
VAR curve implementation, the oscillations in tie-line power flow are dampened. However, for 
the scenarios with delays in Volt-VAR control, the oscillations in tie-line active power flow are 
sustained due to the sustained oscillations in the reactive power output of the DERs associated 
with the combination of a time delay and a steep Volt-VAR setting. 
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Figure 46  Tie-Line Power Flow Comparison for the Scenarios with and without Time Delays in 
Volt-VAR Control. 
 
 
 Figure 47 shows the generator rotor speed for different generators in the test system for 
the scenarios being considered. As the figure shows, the effects of time delays on the DERs’ 
Volt-VAR control are reflected on the rotor speed of nearby generators. In particular, generators 
G3 and G4, which are close to the modeled distribution system have higher rotor speed 
oscillations as compared to generators G1 and G2. 
 
 

 
Figure 47  Generator Rotor Speed Comparison for the Scenarios with and without Time Delays in 
Volt-VAR Control. 
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4.1.4 Impact of Interaction between Multiple DERs with VVC Enabled on BES 
 
 This case examines how the interactions between multiple DERs with different time-
delayed voltage regulations can affect BES operation. The test distribution system has four DERs 
placed at different locations within the distribution system as shown in Figure 2. In this test, to 
study the effects of interactions between multiple DERs with the same Volt-VAR settings but 
with different time delays, the following cases were developed. 
 

i. All four DERs with steep Volt-VAR curve and delay of 10/60 secs. 
ii. Two DERs that are electrically most distant from one another with steep Volt-VAR 

curves and delays of 10/60 seconds and others with a steep volt-VAR curve and 
without a time delay. 

iii. One DER with a steep Volt-VAR curve and delays of 10/60 seconds and others with 
a steep volt-VAR curve without delay. 

 
 The average dynamic model represents the DERs. The settings used for the Volt-VAR 
curves are as follows: 
 

a. Volt-VAR Settings (Steep Volt-VAR): 
VL = 0.50 p.u., V1 = 0.98 p.u., V2 = 1.00 p.u., V3 = 1.00 p.u., V4 = 1.02 p.u., VH = 1.2 p.u. 

 
 The information about system operating conditions for this case is shown in Table B-1. In 
this case study, the test power system is operating at normal conditions throughout, and the Volt-
VAR control from DERs in Area 2 is activated at 5 seconds. Also note that, even though the line 
regulators are modeled in this case study, their controls are disabled for this case study. 
 
 The purpose of this study is to demonstrate that multiple DERs with voltage delay and 
steep Volt-VAR settings can interact with one another and can cause sustained system 
oscillations. It has been demonstrated that the sustained oscillations in the system occur when 
multiple DERs have steep Volt-VAR settings and a significant time delay; that is, the oscillations 
are not observed when only one DER had a time delay and steep volt-VAR settings and others 
do not. The oscillations are observed to die down when the electrically distant DERs had steep 
settings with significant delay. In this case study, neither the drop in the system frequency nor 
the voltage deviation is sufficient to trigger the frequency- and voltage-related protection settings 
of the DERs. In addition, the Frequency-Watt control of the DERs is disabled in this case. 
 
 Figure 48 shows the PV reactive power output for the four PV systems implemented in 
the test distribution system for the following case: with a fixed time delay of 0.1667 seconds, 
steep Volt-VAR settings, and with three different combination of DERs as mentioned in the 
introduction to Section 4.1.4. In all of the scenarios considered, all the DERs in the test 
distribution system will have exactly the same volt-VAR settings. What differs between the 
scenarios is the number of DERs with a communication delay. We observe that before the Volt-
VAR support is enabled, the DER can maintain its reactive power output at close to 0. 
Furthermore, when the Volt-VAR control is enabled at time t = 5 seconds, for the cases with 
multiple DERs with delay, the reactive power output from each DER oscillates and continues to 
oscillate or dampen depending on the number of DERs with time delay. 



 

54 

 This study suggests that for a distribution system with a high number of DERs, it is 
crucial that the DER voltage support settings be well coordinated. The results demonstrate that if 
the DER Volt-VAR settings are not well coordinated with their voltage settings, sustained 
voltage oscillation can occur within the distribution system, the impacts of which can be 
observed up to the BES level. 
 
 

 
Figure 48  PV Reactive Power Output Comparison. 
 
 
 Figure 49 shows the PV PCC voltage comparison for the different cases, where for the 
case with time delay in one DER and two electrically distant DERs, the voltage oscillations 
dampen, and the voltage settles down close to the nominal value. However, with the same steep 
Volt-VAR settings but with a time delay in all four DERs, the PV PCC voltage magnitude 
oscillates and does not settle. Figure 49 also shows that as the number of DERs with time delay 
increases, the oscillation magnitude in the PV PCC voltage increases and can finally become 
unstable beyond a certain threshold. This result suggests that the oscillations were caused by the 
interaction among the DER Volt-VAR settings and should be coordinated with their response 
times to avoid such interactions. 



 

55 

 
Figure 49  PV PCC Voltage Comparison. 

 
 
 Figure 50 shows the comparison between the sending-end and receiving-end voltage of 
the tie-line connecting Area 1 to Area 2 in the test power system. As the figure shows, with the 
oscillatory reactive power injection from DERs in Area 2 because of the interaction between 
multiple DERs with steep Volt-VAR settings and time delay, the receiving-end voltage has more 
variations as compared to that of the sending end. This result shows that when the DER 
penetration level is high, the DER voltage regulation settings should be well coordinated, or the 
impact may be observed up to the transmission system. 
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Figure 50  Tie-Line Bus Voltage Comparison. 
 
 
 Figure 51 compares the active and reactive power flowing toward the distribution system, 
respectively, from the bulk power grid, showing that the oscillations resulting from the reactive 
power exchange between the DERs and distribution system can lead to the oscillations in the 
power drawn by the distribution system from the transmission network. In addition, with reactive 
power support from the DERs, the reactive power consumed from the BES by the distribution 
system can be reduced; however, this condition might lead to increased consumption of active 
power by the voltage-dependent loads in the distribution system as the voltage in the system 
rises. 
 
 The impact of improper coordination of volt-VAR settings between multiple DERs 
within the distribution system was also observed in other BES variables, including the tie-line 
power flow, T&D boundary bus active and reactive power flow, and the speed of BES 
generators. 
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Figure 51  T&D Boundary Bus Active and Reactive Power Flow Comparison. 
 
 
4.2 EFFECT OF DER REACTIVE POWER SUPPORT CAPABILITY TO ENHANCE 

BES VOLTAGE CONTROL DURING FAULT CONDITIONS 
 
 This section addresses the effect of the reactive power support capability of DERs to 
enhance the voltage control and stability of the BES. 
 
 For the representative distribution system considered, the PV penetration level when 
compared to the distribution system load is close to 72%. For the cases considered in this study, 
the penetration of PVs when compared to the overall BES load is close to 10%, 20%, and 30%, 
respectively, and close to 16%, 32%, and 48%, respectively, when compared to the load in 
Area 2 of the test power system (see Appendix B). 
 
 
4.2.1 Impact of DER without Reactive Power Support on BES Stability 
 
 The following four scenarios are studied herein. Scenario 1 is the base case with zero 
DER penetration in the test system. Scenario 2, Scenario 3, and Scenario 4 each contain 16%, 
32%, and 48% of DER penetration, respectively, compared to the total load in Area 2. The power 
outputs of the generators in Area 1 are adjusted slightly to compensate for the changes in system 
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losses as DER penetration in Area 2 increases. However, the Area 2 generators are taken off the 
grid to accommodate the increased penetration of DERs in Area 2. In cases 2, 3, and 4, the Volt-
VAR control functions in DERs are disabled. The objective of this case study is to consider the 
impact of legacy DER systems (without voltage regulation capability) on BES stability. 
 
 A three-phase, self-clearing bolted fault of 12 cycles is applied at the middle of one of the 
tie-lines connecting Area 1 and Area 2 at time t = 15 seconds. Please note that of all the scenarios 
contemplated in this study, none of the DERs connected in the test distribution system trips as a 
result of frequency or voltage deviations. 
 
 Figure 52 shows the comparison of tie-line active power flow for the four cases under the 
fault condition. The result indicates that as the DER penetration increases, the tie-line active 
power flow oscillations (both in magnitude and duration) increase following the fault. This result 
suggests the need for better damping controllers in the BES — as the DER penetration level 
increases, the number of synchronous machines with power system stabilizers and damping 
controllers decrease. 
 
 Figure 53 delineates the sending- and receiving-end voltages of the tie-line for the four 
cases. The figure shows that the voltage sag in the receiving end of the tie-line increases as DER 
penetration increases. The voltage oscillations in both the sending and receiving ends of the tie-
line increase as well with higher DER penetration scenarios. The increase in voltage sag on the 
receiving end can be attributed to the reduced number of reactive power reserves in the form of 
synchronous machines in Area 2. 
 
 

 
Figure 52  Comparison of Tie-Line Active Power Flow. 
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Figure 53  Comparison between Tie-Line Sending-End and Receiving-End Voltages. 
 
 
 Figure 54 compares the generator rotor speed for the different cases considered. As DER 
penetration increases, the speed deviation from nominal speed increases following the fault in the 
tie line. This result can be attributed to the reduced inertia in the system as DER penetration 
increases. Also note that at higher penetration levels of DERs, the rate of frequency recovery 
back to the nominal value is larger than in the base case and cases with lower DER penetration 
(see zoomed-in plot for G3 in Figure 54). Also note that the rotor speed oscillations are higher 
for generators in Area 2 as compared to generators in Area 1, which results from the reduced 
inertia in Area 2 as compared to Area 1. 
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Figure 54  Comparison of Generator Rotor Speed. 

 
 
4.2.2 Effect of DERs with Reactive Power Support to Enhance BES Stability 
 
 This section considers the impact of DERs that have enabled their reactive power support 
capability on BES stability. 
 
 Four scenarios with various Volt-VAR slope settings are created to facilitate the studies, 
while the penetration level of DERs is kept constant at 32% for all four cases when compared 
with the load in Area 2. Specifically, Scenario 1 corresponds to the base case with no reactive 
power support from DERs in the test system. Scenario 2 corresponds to the case where the DERs 
in Area 2 are characterized as providing mild Volt-VAR support. In Scenario 3, the DERs in 
Area 2 have normal Volt-VAR support settings as per the slope of the Volt-VAR curve used. 
Scenario 4 corresponds to an operational condition where the DERs in Area 2 have steep Volt-
VAR support settings. The specific settings of mild, normal, and steep Volt-VAR control levels 
are introduced in Section 4.1.2. In Scenarios 2, 3, and 4, the DERs have an active power priority 
mode, which here means that the DERs will try to maintain their active power output at the 
reference set point and will do so even by compromising the reactive power output. 
 
 A three-phase, self-clearing bolted fault of 12 cycles is applied at the middle of one of the 
tie-lines connecting Areas 1 and 2 at time t = 15 seconds. Please note that none of the DERs 
connected in the distribution system trip offline owing to voltage or frequency deviations in this 
case study. 
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 Figure 55 shows the comparison of tie-line active power flow for the four scenarios 
considered and indicates that the slope of the Volt-VAR curve implemented in the DERs has a 
direct impact on the damping of the inter-area tie-line power oscillations. The figure shows that 
with the steep Volt-VAR curve (Scenario 4), the first swing following the fault clearance is 
minimized. DERs with mild (Scenario 2) and normal (Scenario 3) Volt-VAR controls also 
reduce the magnitude of the first swing following the fault. However, the steep Volt-VAR curve 
has less damping when compared to mild and normal Volt-VAR curves. It is evident that the 
damping of the oscillations is enhanced with the use of mild and normal Volt-VAR curves 
compared to both the no-Volt-VAR support and the steep Volt-VAR support scenarios. This 
result indicates that there may be an optimal setting for Volt-VAR control that can have the most 
beneficial impact on the system’s oscillation damping. 
 
 

 
Figure 55  Comparison of Tie-Line Active Power Flow. 

 
 
 Figure 56 delineates the transmission bus sending- and receiving-end voltage for the 
different scenarios considered; the voltage sag in the receiving-end and sending-end bus of the 
transmission system remains unchanged for different Volt-VAR settings. This result occurs 
because of the P-priority setting implemented in the DERs, which limits the reactive power 
injection from DERs during the fault condition (see the plot from the PV reactive power output). 
It is evident that following the fault clearance, the tie-line voltage settles back to the pre-fault 
value sooner in the scenarios featuring voltage support from DERs. This result shows that the 
reactive power support from DERs can help the BES maintain voltage stability and can 
compensate for the reactive power reserve loss that results from the loss of synchronous 
machines. It is evident that better damping and recovery of the BES voltage are observed for the 
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scenarios with mild and normal Volt-VAR settings as opposed to scenarios with steep volt-VAR 
settings. 
 
 

 
Figure 56  Comparison between Tie-Lines’ Sending-End and Receiving-End Voltages. 

 
 
 Figure 57 compares the generator rotor speed for the different scenarios being 
considered. With reactive power support from the DERs, the oscillation and deviation of the 
generator rotor speed are reduced (for mild and normal Volt-VAR curves). This result can be 
associated with there being less oscillation in the transmission bus voltages, which leads to less 
variation in the power consumed by constant impedance-type lumped loads connected at the 
transmission bus, thus reducing the oscillation in the generator rotor speed. Also note that the 
rotor speed oscillations are higher for generators in Area 2 as compared to generators in Area 1, 
which is attributable to the reduced effective inertia in Area 2 as compared to Area 1 with the 
addition of DERs in Area 2. For steep Volt-VAR curves as the reactive power injected from the 
DERs is more sensitive to the voltage variation, the damping of the generator speed oscillations 
has deteriorated. 
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Figure 57  Comparison of Generator Rotor Speed. 

 
 
 Figure 58 shows the PV PCC voltage for the various scenarios being considered. As no 
reactive power is injected during the fault period by the DERs owing to the priority for active 
power, the PCC voltage during the sag is the same for all scenarios. However, once the fault is 
cleared, the active power component of current is recovered back to the nominal range, and a 
surge of reactive power is injected by the DERs (see the PV reactive power output), causing the 
PCC voltage to spike up. The PV PCC voltage is observed to be better dampened for the 
scenarios with Volt-VAR support when compared to the base scenario without Volt-VAR 
support. 
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Figure 58  Comparison of PV PCC Voltages. 

 
 
 Figure 59 shows the reactive power output of the PV systems in the distribution feeder. 
The reactive power output of the PV system is maintained close to zero with few fluctuations as 
a result of the disturbance in the system at 15 seconds. Because of the PV system’s priority for 
active power, the PV systems do not inject any reactive power into the distribution system during 
the period of fault. However, as the fault clears, the active power component of the DERs current 
returns within the nominal band and with margin available for reactive current injection. At that 
point, a large surge of reactive current is injected into the distribution system after around 15.4 
seconds. The oscillations in the reactive power output are directly proportional to the slope of the 
Volt-VAR curve used — the steeper the Volt-VAR curve, the more oscillations. 
 
 
 Figure 60 shows the active power output of the PV systems for the different scenarios. 
The PV systems can maintain a constant power output in steady state and can quickly restore 
their power output to the pre-disturbance level following the fault. 
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Figure 59  Comparison of PV PCC Reactive Power Output. 
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Figure 60  Comparison of PV PCC Active Power Output. 
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5 IMPACT OF DER PENETRATION ON DISTRIBUTION 
SYSTEM PROTECTION COORDINATION 

 
 
 Overhead distribution systems are common in rural areas, while underground distribution 
systems are widely adopted in urban areas. Regardless of the variations in distribution system 
composition, overcurrent protection is the most widely adopted protection scheme for 
distribution systems. It relies on measured currents to distinguish faults from nominal load 
currents. The devices used most often in distribution system protection include overcurrent 
relays, reclosers, sectionalizers, and fuses. These devices, except sectionalizers, all implement a 
set of time/current curves, which have a time-inverse characteristic and provide different 
operation times, depending on the fault current level, that is, the larger the fault current, the 
shorter the operation time will be. 
 
 The basic requirements for a protection device include selectivity, sensitivity, operating 
time, and stability. The relay settings are very important in ensuring selectivity and sensitivity. 
Traditionally, because of the passive nature of distribution networks, the power flow in the 
distribution network is one-way (i.e., from the distribution substation to customers). When a fault 
occurs in the distribution system, the main source feeding the fault is the transmission system. 
Conventional protection devices are set up and coordinated on the basis of one-way power flow, 
ensuring that the upstream protection device closest to the fault reacts first to clear the fault. 
Each relay provides backup to the next downstream relay with a time delay. An upstream relay 
will not react to the fault current unless its downstream relay fails to react within the setting time. 
 
 The conventional distribution system protection scheme faces challenges with the high 
penetration of DERs. Although the fault current contribution from each DER is limited [44], a 
high penetration of DERs can contribute a considerable amount of fault current. These sources 
can change the fault current distribution and magnitude and cause new problems for the 
operation of existing overcurrent protection schemes [45]. In addition, the DERs installed in the 
distribution system have their own protection relays in place with specific protection schemes, 
such as anti-islanding [44]–[45], detecting abnormal voltage/frequency, and tripping, with 
different time responses according to different voltage/frequency deviations [44]–[45]. Poor 
coordination between the DER relays’ protection schemes and conventional feeder protection 
devices may lead to nuisance fuse blowing, reclosing out of synchronism, and sectionalizer 
miscount, etc. 
 
 This chapter attempts to demonstrate some of the emerging protection issues resulting 
from high DER penetration including increased fault current, sympathetic tripping, nuisance 
tripping, and desensitized feeder head protection relays. First, we describe the distribution 
system used for the protection studies. 
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5.1 DESCRIPTION OF THE DISTRIBUTION SYSTEM FOR PROTECTION 
STUDIES 

 
 The schematic diagram of the distribution system modeled for protection studies is shown 
in Figure 61. A distribution system with two IEEE 34-node feeders connected to the same bus 
has been developed using the DIgSILENT PowerFactory. The two test feeders are identical in 
terms of their topology, protection devices and their configurations, loading, and so on. The only 
difference between these two feeders is as follows: Feeder 1 (the upper feeder) has a 
synchronous generator as a distributed generation connected to its node 808, which offsets 
500 kW from a total load of 2,067 kW. As a result, Feeder 1 draws 1,539 kW from the upstream 
transmission system, and Feeder 2 (the lower feeder) draws 2,067 kW from the upstream 
transmission system. Each feeder is protected by a circuit breaker at the feeder head, and each 
lateral is protected by a fuse. Characteristics of the inverse time current of the recloser and fuses 
used in the test distribution system are shown in Figure 62. 
 
 Table 9 provides the rating of each fuse used in the distribution feeder. 
 
 

Table 9  Rating of Each Fuse 
in the Distribution Feeder. 

 
Fuse Current Rating 

  
F1 80 A 
F2 63 A 
F3 50 A 
F4 50 A 
F5 32 A 
F6 40 A 
F7 25 A 
F8 25 A 
F9 40 A 
F10 40 A 
F11 25 A 
F12 100 A 
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Figure 61  Schematic Diagram of the Distribution System for Protection Studies. 
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Figure 62  Inverse Time Current Characteristics of the Recloser and Fuses Used in the Test 
Distribution System. 
 
 
5.2 INCREASED FAULT CURRENT 
 
 High penetration of DERs on a distribution feeder will contribute to a higher magnitude 
of fault current following a fault on the feeder. To demonstrate the increase in fault current with 
the addition of DGs in the feeder, we studied a short circuit analysis with 0+j0 fault impedance at 
node 890. Table 10 shows that as PV penetration in the distribution feeder grows, the fault 
current by the fuse close to the fault (F12) increases; however, at the same time, it reduces the 
current passing through the recloser. This reduction of current passing through the recloser can 
desensitize the relay, depending on the location of DGs, location of the fault, and source and line 
impedances. (More discussion of the “desensitizing of protection devices follows in following 
subsections.) In addition, it is interesting to note that the aggregate fault current contribution 
from DGs on a single circuit may affect fault current on other circuits fed from the same 
substation bus, which can at times lead to sympathetic tripping; this phenomenon is discussed in 
the Section 5.3. 
 
 These changes in the fault current levels can also make it necessary to review the existing 
protection coordination currently implemented in the distribution network. 
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Table 10  Fault Current Distribution with Varying PV Penetration Levels. 

PV Location 

 
Steady State 
Fuse Current 

(A) 

Steady State 
Recloser 

Current (A) 
Fault Fuse 
Current (A) 

Fault Recloser 
Current (A) 

     
No PV 13.207 55.15 72.881 106.258 
PV at 888 12.937 52.099 73.904 104.964 
PV at 888, 832 12.761 49.313 74.432 103.45 
PV at 888, 832, 854 12.641 46.792 74.863 101.773 
PV at 888, 832, 854, 848 12.479 44.086 75.307 100.474 
PV at 888, 832, 854, 848, 890 12.325 41.452 75.735   99.227 
PV at 888, 832, 854, 848, 890, 834 12.181 38.883 76.321   97.602 
PV at 888, 832, 854, 848, 890, 834, 850 12.112 36.631 76.612   95.935 

 
 
5.3 SYMPATHETIC TRIPPING 
 
 When a fault occurs on a distribution feeder, the aggregate fault current’s contribution 
from DERs on the adjacent feeder may cause sympathetic tripping of the circuit breaker of the 
adjacent feeder. This outcome occurs when the aggregate fault’s contribution from DGs on a 
single circuit may affect the fault current on other circuits fed from the same bus [44]–[45]. 
Figure 63 shows how sympathetic tripping can occur when the DER unit feeds a fault on a 
neighboring feeder (Feeder 2). In this case, the fault current supplied by the DER in Feeder 1 
(left) can exceed the limit of the overcurrent protection of the circuit breaker and cause it to trip. 
 
 

 
Figure 63  Illustration of Sympathetic Tripping. 
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 The sympathetic tripping is demonstrated on the test distribution system shown in 
Figure 61. A three-phase, bolted short-circuit fault is applied at 5 seconds on node 806 of 
Feeder 2 (down), which lasts for 0.75 seconds. Even though the fault is on Feeder 2, the recloser 
at the head of Feeder 1 (up) opens as the distributed generation in Feeder 1 contributes to the 
fault.  
 
 The recloser at the head of both feeders is operated in the fuse-saving mode, that is, as 
soon as the reclosers  detect an increased amount of current, they open the feeder completely and 
allow the fault to clear itself without letting the fuse blow. Figure 62 shows the time-current 
curves of the recloser used at the feeder head. 
 
 The occurrence of sympathetic tripping depends on factors like the location of the fault 
on the faulted feeder (a fault on the end of an adjacent feeder may not be an issue as opposed to a 
fault close to the substation) and the type of DERs on the healthy feeder (e.g., inverter-based 
DERs may not contribute as large a fault current as synchronous generator-based DERs may do). 
 
 Figure 64 shows how having a distributed generation in a feeder can affect coordination 
of distribution feeder protection. In the example considered, the protection setup in the system is 
structured in such a way that the fault current generally comes in through the substation from the 
upstream transmission system and is the only source that feeds into the fault. However, with the 
addition of the DG on Feeder 2, there will be multiple sources that can feed into the fault and 
hence affect the protection coordination of the distribution system. Not all DGs contribute a large 
enough magnitude of fault current to significantly affect the protection coordination; however, 
synchronous generation-based DGs can. Inverter-based DERs, even though they are of the same 
rating as synchronous machine-based DGs, cannot provide a comparable magnitude of fault 
current (they are generally limited to a maximum of 1.2 times the rated current) to cause 
sympathetic tripping. Figure 64 shows the recloser status of Feeder 1, which is a healthy feeder. 
Nevertheless, when a DG is present in Feeder 1, it contributes to the fault in Feeder 2, causing 
the recloser in Feeder 1 to operate and thus affecting consumers tied in to the healthy feeder as 
well. 
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Figure 64  Feeder #1 Recloser Status Comparison for a Case with and without DG. 

 
 
5.4 NUISANCE TRIPPING 
 
 The fault current contribution from DGs can cause a fuse protecting a lateral that would 
have otherwise remained intact to blow out. When a recloser operates in a fast-operating curve, it 
clears the fault before the lateral fuse blows. However, when a DG is present, the sequence is 
such that when the recloser opens, DGs can continue to feed the fault, which leads to a fuse 
blowing that would not have blown. The type and location of DGs can thus compromise the 
fuse-saving capability intended for reclosers in an existing distribution system’s protection 
coordination. Thus, the addition of DGs can lead to sustained outages for customers in certain 
laterals of a distribution system that would have had only momentary outages. 
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5.5 DESENSITIZING FEEDER HEAD RELAYS 
 
 When the fault impedance is non-zero and DERs are contributing to the fault current, its 
contribution from the substation or upstream source may be reduced. The reduction in fault 
current will desensitize the protection relays at the source. 
 
 In this case, the feeder head protection relay does not operate in the way it is supposed to 
do: by interrupting and isolating a fault after its occurrence. Figure 65 illustrates that the 
desensitizing of a feeder head protection relay can occur when the DER unit feeds a downstream 
fault. In this case, the fault current supplied by the DER in Feeder 1 can reduce the amount of 
fault current supplied from the substation, causing the circuit breaker at the head of the feeder to 
avoid tripping. 
 
 

 
Figure 65  Desensitizing of a Feeder Head Protection 
Relay due to DG Integration. 

 
 
 The occurrence of failure to trip depends on factors like the location of the fault in the 
feeder, the types of DERs in the feeder (inverter-based DERs may not contribute as large a fault 
current as those of synchronous generator-based DERs), and the relative location of DERs with 
respect to fault and so on. 
 
 One of the two IEEE 34-node test feeders shown in Figure 61 is used to demonstrate the 
effects of the DER desensitizing feeder head’s protection relays. The recloser at the head end of 
the feeder was operated in the fuse-saving mode, that is, as soon as the reclosers  detect an 
increased amount of current, they open the feeder completely and allow the fault to clear itself 
without letting the fuse blow. 

Feeder 1 Feeder 2
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 DGs are connected at eight different nodes in the system. A fault that lasts for 0.75 
second is applied at 5 seconds on node 836 of the feeder. Each of the DGs connected in the 
distribution feeder is rated at 200 kW. The nominal load in the system without DGs was 2.03 
MW and 0.327 MVar. The nominal current flowing into the feeder from the feeder head is 
54.887 A when no DGs were connected in the feeder. 
 
 Table 11 provides information showing that the addition of DGs on the feeder has a 
significant impact on the fault current measured at the feeder head. As the circuit breaker at the 
feeder head is configured to operate based on an overcurrent scheme, the reduced amount of fault 
current affects its operation. Also note the increase in the first recloser’s operation time in Table 
11. Because of the presence of DGs on the distribution feeder, the recloser in the feeder head 
takes longer to operate, thus exposing the feeder to the fault for a longer period of time. This 
increased exposure to a fault can lead to damage of the equipment on the distribution feeder. 
Figure 66 shows the impact of the addition of DGs into the distribution feeder on the operation 
of the feeder head’s recloser. It is evident that beyond a certain threshold, the rise in DGs means 
that it takes a longer time to operate the feeder head recloser, which exposes the feeder to the 
fault for a longer period of time. 
 
 

Table 11  Summary of Feeder Head Fault Currents with Varying Levels of DG 
Penetrations. 

Location of DGs 
Fault Current at 

Feeder Head 

 
Feeder Head Recloser 
First Operation Time 

   
No DG 268.558 A 0.010 s 
832_2 260.038 A 0.010 s 
832_2, 824 227.901 A 0.010 s 
832_2, 824, 850 197.352 A 0.010 s 
832_2, 824, 850, 850_1 172.981 A 0.092 s 
832_2, 824, 850, 850_1, 808 153.249 A 0.106 s 
832_2, 824, 850, 850_1, 808, 802 138.119 A 0.122 s 
832_2, 824, 850, 850_1, 808, 802, 806 124.404 A 0.144 s 
832_2, 824, 850, 850_1, 808, 802, 806, 814 107.941 A 0.189 s 
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Figure 66  Impact of DGs on the Recloser’s Operation Time. 

 
 
5.6 POTENTIAL SOLUTIONS FOR DISTRIBUTION SYSTEM PROTECTION 
 
 Current distribution system protection devices suffer from inaccurate settings, because 
they are derived from short-circuit analysis without accounting for contributions from DERs’ 
fault current. Moreover, these settings are manually pre-loaded into relays and therefore cannot 
be adjusted according to the latest DER states to ensure sensitivity and selectivity. To address 
these challenges, the distribution system could deploy a real-time setting update system to 
perform bidirectional, short-circuit analyses with the as-operated circuit connectivity and 
knowledge of DERs in the system [46]. Frequency of execution is governed by the 
communication capabilities of the distribution system. If the communication bandwidth and 
speed allow, an execution cycle of one minute or even less can be assumed in this discussion. 
The distribution system will communicate the dynamic setting update to all of the feeder 
protection devices through supervisory control and data acquisition (SCADA) every minute. 
 
 The lack of protection coordination between protection devices for DERs and distribution 
feeders can lead to nuisance fuse blowing, reclosing out of synchronism, sectionalizer 
miscounting, and so on. In one potential solution, local intelligence is acquired at the distribution 
protection device, such as the recloser, to determine whether the fault is temporary or permanent; 
and then communication-based local coordination is launched to integrate the sequence of 
actions for the protection devices for the DERs and distribution feeders. Another practical 
solution does not require that communication take place between the two kinds of protection 
devices but rather coordinates their actions by managing the DER voltage/frequency-deviation-
based protection function and anti-islanding scheme. In addition, operators may be required to 
install additional voltage sensing relays to protection devices for the distribution feeders (such as 
reclosers) to facilitate proper coordination.  
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6 CONCLUSIONS 
 
 
 This report discusses the various approaches that have been utilized to study the 
reliability impact of DERs on the BES. With the penetration of DERs on the rise, it is critical that 
power system operators have a high-fidelity model they can use to understand the possible 
impacts of DERs on the BES with a high degree of confidence. In this work, we have 
implemented both the aggregated and full distribution system modeling approaches and 
compared their performance in BES reliability studies. Even though the aggregated modeling 
approach provides benefits in terms of faster simulation runtime and reduced system complexity, 
the results obtained from the two types of models (aggregated and full) can differ considerably 
depending on the parameters used for these models and the nature of disturbances in the system. 
Given the shortcomings of the aggregated modeling approach, the full distribution system model 
— that includes the non-aggregated distribution system model and individual DER models — is 
more appropriate for studying the impact of DERs on BES stability and reliability. In this work, 
a T&D combined model was developed in MATLAB/Simulink software. The T&D combined 
model features the full distribution system models of the IEEE 34-node feeder and the 
transmission system model of the Kundur Two-Area system. 
 
 Using the T&D combined model, we have investigated DERs’ impact on BES frequency 
control and strategies to mitigate the impact. As a result of our findings, we propose use of a 
virtual-synchronous-generator-based control scheme for DERs. Case studies show that the 
system frequency nadir decreases following a sudden load increase when DERs without virtual 
inertia are integrated as compared to the base case without any DERs. This result occurs when 
DERs displace synchronous generators and reduce the system’s total available inertia. When 
DERs equipped with the VSG control are present, the system frequency nadir increases 
following a sudden load increase event as compared to the base case without any DERs. 
 
 Furthermore, we have studied the DERs’ impacts on BES net load variability and 
ramping, enabling us to discuss and implement mitigation schemes in the test cases. In particular, 
we conducted a case study based on CAISO’s operational data and observed that when PV 
penetration increases, the net load in the BES drops during the daytime because of the surplus 
power supply from PVs, and then the net load ramps up at a faster rate during the evening as the 
sunset coincides with a period of increased load demand. In response, we implemented a BES 
net load smoothing algorithm that utilizes a battery energy storage system such that the BESS 
absorbs excess power from PVs during the daytime and discharges to serve the load during 
evening time. The effectiveness of the mitigation scheme in smoothing the BES net load is 
illustrated in a case study. 
 
 Again, using the T&D combined model, this report evaluates various impacts of DERs on 
the voltage stability of the BES during normal operations. It is observed that various slopes of 
DERs’ Volt-VAR control curves coupled with time delays can affect BES voltage regulations. A 
slow response coupled with steep Volt-VAR settings in DERs may cause system instability. In 
the meantime, when the slope of the DER Volt-VAR curve is fixed at a steeper level, time delays 
in the DER reactive power play a role in system stability. When no time delay is introduced, the 
system is able to maintain stability. When time delays are introduced, however, as soon as the 
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Volt-VAR control is enabled, DERs’ reactive power starts oscillating and the BES is not able to 
dampen the oscillations. Additional case studies we conducted suggest that interactions among 
multiple DERs with steep Volt-VAR settings and significant time delays may cause sustained 
system oscillations. Therefore, it is crucial that the DER voltage support settings be well 
coordinated with their response lags to avoid stability issues. 
 
 In addition to the impact on normal operations, this report explores the role that DER’s 
reactive power support plays on distribution system and transmission system voltages and BES 
frequencies during abnormal conditions such as a severe transmission fault. First of all, the 
results of case studies establish that when the penetration of DERs without local reactive power 
support increases in the system, transmission system power flow oscillations (both in magnitude 
and duration), voltage sags, and frequency recovery all worsen. Then, we demonstrate that 
overall DER dynamic reactive power support helps maintain system stability compared to the 
case where DER does not provide any dynamic reactive power support. However, the system is 
sensitive to the settings of the DER reactive power support in that steep Volt-VAR curves may 
cause the damping of the generator speed oscillations to deteriorate, among other observed 
effects. 
 
 Finally, the report discusses the distribution system protection challenges brought about 
by high levels of DER penetration. Select case studies demonstrate that high DER penetration in 
a distribution system can increase fault current, cause sympathetic tripping and nuisance tripping, 
and desensitize feeder head protection relays. 
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APPENDIX A: PROCEDURE TO OBTAIN AGGREGATED  
DISTRIBUTION SYSTEM MODELING 

 
 
 The equivalent aggregated distribution system model includes an equivalent feeder line, 
an aggregated load model, and an aggregated photovoltaic (PV) model (see Figure 5.). The 
procedure to obtain the aggregated distribution system model utilized in this study can be 
explained using the following steps: 
 
Step I: Load Flow 
 
 First, a load flow analysis is performed for the distribution feeder shown in Figure 2 
without the distributed PV systems. The load flow analysis was performed using 
MATLAB/Simulink. The goal of the load flow analysis is to estimate the equivalent system 
parameters for the aggregated model of the distribution feeder. The results from the load flow 
analysis for this case are as follows: 
 

a) Total Active and Reactive power (PQ) load: 𝑃𝑃 =  14.124 MW, 𝑄𝑄 =  1.74 Mvar 
b) Total Z shunt load: 𝑃𝑃 =  7.80 MW, 𝑄𝑄 =  1.74 Mvar 
c) Total Losses: 𝑃𝑃𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏  =  0.79 𝑀𝑀𝑀𝑀, 𝑄𝑄𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏  =  3.45 Mvar 

 
 Therefore, from (a) and (b) above, the total load in the representative distribution feeder 
in Figure 2 for the operating point considered is: 𝑃𝑃𝑙𝑙𝑡𝑡𝑎𝑎𝑑𝑑 = 22.72 MW, 𝑄𝑄𝑙𝑙𝑡𝑡𝑎𝑎𝑑𝑑 = 6.93 Mvar. 
 
Step II: Equivalent Feeder Line Parameters 
 
 In this study, the equivalent feeder line parameters are estimated based on the overall 
losses in the distribution feeder as mentioned in [47]. The feeder line is represented by an 
equivalent π section consisting of equivalent shunt capacitance (𝐶𝐶𝑒𝑒𝑞𝑞), a series resistance (𝑅𝑅𝑒𝑒𝑞𝑞), 
and a series inductance (𝐿𝐿𝑒𝑒𝑞𝑞). 
 

i) Equivalent Capacitance (𝐶𝐶𝑒𝑒𝑞𝑞): The reactive power generated by the shunt capacitance is 
proportional to the product of the square of voltage across them and the susceptance of 
the capacitor. The reactive power generation from the shunt capacitance of the equivalent 
feeder line equals the sum of all the reactive power generation from the shunt capacitance 
of all the lines in the distribution feeder. Under the nominal operating conditions of the 
system, bus voltages can be assumed to be around 1 p.u., and the shunt susceptance (Beq) 
of the equivalent feeder line can then be approximated as the sum of the shunt 
susceptance of all of the lines in the feeder, that is: 
 

𝐵𝐵𝑒𝑒𝑞𝑞 =  �𝐵𝐵𝑖𝑖 
𝑛𝑛

𝑖𝑖=1

= 𝐵𝐵𝑝𝑝𝑒𝑒𝑟𝑟 𝑢𝑢𝑛𝑛𝑖𝑖𝑡𝑡 𝑙𝑙𝑒𝑒𝑛𝑛𝑎𝑎𝑡𝑡ℎ × 𝑇𝑇𝑇𝑇𝑑𝑑𝑇𝑇𝑇𝑇 𝑇𝑇𝑙𝑙𝐸𝐸𝑙𝑙𝑑𝑑ℎ 𝑇𝑇𝑓𝑓 𝑑𝑑ℎ𝑙𝑙 𝑇𝑇𝐸𝐸𝐸𝐸𝑙𝑙𝐸𝐸 

→ 𝐶𝐶𝑒𝑒𝑞𝑞 =
𝐵𝐵𝑒𝑒𝑞𝑞
2𝜋𝜋𝑓𝑓

 . 
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The total length of lines can be obtained from the distribution feeder parameters in [1]. 
 

ii) Equivalent Resistance and Inductance (𝑅𝑅𝑒𝑒𝑞𝑞  and 𝐿𝐿𝑒𝑒𝑞𝑞): From the load flow analysis of the 
distribution feeder, the active power loss (𝑃𝑃𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏) and reactive power loss (𝑄𝑄𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏) can be 
used to calculate equivalent feeder resistance (𝑅𝑅𝑒𝑒𝑞𝑞)  and inductance ( 𝐿𝐿𝑒𝑒𝑞𝑞). 
 
The total current at the load bus in Figure 1 (still assuming no PV output) can be 
calculated as: 
 

3𝑉𝑉𝑝𝑝ℎ𝐼𝐼𝑝𝑝ℎ∗ = 𝑃𝑃𝑙𝑙𝑡𝑡𝑎𝑎𝑑𝑑 + 𝑗𝑗𝑄𝑄𝑙𝑙𝑡𝑡𝑎𝑎𝑑𝑑 , 
 
where subscript 𝑝𝑝ℎ denotes the phase quantities, and 𝐼𝐼𝑝𝑝ℎ∗  is the complex conjugate of 
𝐼𝐼𝑝𝑝ℎ = 𝐼𝐼. I is the per-phase current flowing toward the aggregated load, Vph is the per-
phase voltage at the load bus, 𝑃𝑃𝑙𝑙𝑡𝑡𝑎𝑎𝑑𝑑 is the active power consumption of the equivalent 
load, and 𝑄𝑄𝑙𝑙𝑡𝑡𝑎𝑎𝑑𝑑 is the reactive power consumption of the equivalent load obtained from 
the load flow analysis. Assuming 𝑉𝑉𝑝𝑝ℎ  = 𝑉𝑉∠0, 𝐼𝐼𝑝𝑝ℎ can be computed as: 
 

𝐼𝐼 =
𝑃𝑃𝑙𝑙𝑡𝑡𝑎𝑎𝑑𝑑 − 𝑗𝑗𝑄𝑄𝑙𝑙𝑡𝑡𝑎𝑎𝑑𝑑

3𝑉𝑉
 . 

 
Assuming the node voltages throughout the distribution feeder averages to V,3 the 
reactive power generated by the equivalent shunt capacitance is: 
 
𝑄𝑄𝑐𝑐 = 3𝑉𝑉𝑝𝑝ℎ2 𝐵𝐵𝑒𝑒𝑞𝑞. 
 
As the effective reactive power loss is the actual reactive power loss induced by the 
feeder lines of the equivalent feeder, the effective reactive power loss of the equivalent 
feeder is defined as [47] 
 
 𝑄𝑄𝑒𝑒𝑓𝑓𝑓𝑓 𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏 = 𝑄𝑄𝑐𝑐 + 𝑄𝑄𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏. 
 
Neglecting current through the shunt capacitances, the losses in the feeder line can be 
defined as: 
 

𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏 = 3𝐼𝐼2(𝑅𝑅𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞) . 
 
Separating the real and imaginary components of 𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏 : 
 

𝑅𝑅𝑒𝑒𝑞𝑞 =
𝑃𝑃𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏
3𝐼𝐼2 

 
 
and 𝑋𝑋𝑒𝑒𝑞𝑞 as: 

 
3 The authors acknowledge the fact that one of the issue with the equivalencing of the distribution system model 

with DER penetration is the considerable diversity of the terminal voltage of DERs connected in the distribution 
feeder. The assumption made here is solely for the simplicity of analysis. 
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𝑋𝑋𝑒𝑒𝑞𝑞 =
 𝑄𝑄𝑒𝑒𝑓𝑓𝑓𝑓 𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏 

3𝐼𝐼2
=
𝑄𝑄𝑐𝑐 + 𝑄𝑄𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏

3𝐼𝐼2
 . 

 
Then, the equivalent feeder line inductance 𝐿𝐿𝑒𝑒𝑞𝑞 equals to: 
 

𝐿𝐿𝑒𝑒𝑞𝑞 = 𝑋𝑋𝑒𝑒𝑒𝑒
2𝜋𝜋𝑓𝑓

, 
 
where 𝑓𝑓 is the nominal system frequency (60 Hz for the system considered). 
Using the  load flow results, parameters for the equivalent feeder are obtained for a single 
distribution feeder as shown in Table 12. 

 
 
Table 12  Estimated Equivalent Feeder Parameters for a Single Distribution Feeder. 

𝐶𝐶𝑒𝑒𝑞𝑞 
 

𝑅𝑅𝑒𝑒𝑞𝑞 𝐿𝐿𝑒𝑒𝑞𝑞 
   

1.21 × 10−5 F 3.26 × 10−1 Ω 3.77 × 10−3 H 
 
 
Step III: Representation of a Distribution System with Multiple Distribution Feeders 
 
 Depending on the size of the PV penetration desired in the bulk electric system (BES), 
the number of distribution feeders in the distribution system is scaled up, and the lump load in 
the transmission bus is proportionally reduced. The feeder impedances are also proportionally 
scaled assuming the losses increase linearly in the distribution system. 
 
 The parallel representation of “n” number of aggregated distribution feeders at a 
transmission bus is shown in Figure A-1 (a). The following assumptions are made for the 
aggregated model: 
 

• All of the distribution feeders are identical. Therefore, the output of all of the 
PVD1 models are identical in phase and magnitude, all of the loads have the 
same characteristics, and the feeder line parameters are identical. 

 
• The net equivalent load in the distribution system is equal to “n” times the 

load in the representative distribution feeder. 
 

• The net loss in the equivalent distribution system impedance is equal to “n” 
times the total losses in the representative distribution feeder. 
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Figure A-1  (a) Equivalent Distribution System with Individual Aggregated 
Distribution Feeders; and (b) Equivalent Aggregated Distribution System. 

 
 
 Under this assumption, from Figure A-1 (a), we can write: 
 

𝐼𝐼1 = 𝐼𝐼2 = ⋯ = 𝐼𝐼𝑛𝑛 = 𝐼𝐼 
 
 Therefore, the total current in the equivalent representation of distribution system in 
Figure A-1 (b) is given by: 
 

𝐼𝐼𝑛𝑛𝑒𝑒𝑞𝑞 = 𝐼𝐼2 + 𝐼𝐼2 + ⋯+ 𝐼𝐼𝑛𝑛 = 𝐸𝐸. 𝐼𝐼. 
 
 The power loss in each individual feeder line can be expressed as: 
 

𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏1 = 3𝐼𝐼12�𝑅𝑅𝑒𝑒𝑞𝑞1 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞1� = 3𝐼𝐼2�𝑅𝑅𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞� 
𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏2 = 3𝐼𝐼22�𝑅𝑅𝑒𝑒𝑞𝑞2 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞2� = 3𝐼𝐼2�𝑅𝑅𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞� 

… 
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𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏𝑛𝑛 = 3𝐼𝐼𝑛𝑛2�𝑅𝑅𝑒𝑒𝑞𝑞𝑛𝑛 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞𝑛𝑛� = 3𝐼𝐼2�𝑅𝑅𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞�, 
 
where 𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏𝑖𝑖 and �𝑅𝑅𝑒𝑒𝑞𝑞𝑖𝑖 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞𝑖𝑖� are the power loss and the line parameters of the 𝐸𝐸𝑡𝑡ℎ feeder, 
respectively. The total power loss of the equivalent representation of a distribution system in 
Figure A-1 (b) is given by: 
 

𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏_𝑡𝑡𝑡𝑡𝑡𝑡 = 3𝐼𝐼𝑛𝑛𝑒𝑒𝑞𝑞2 �𝑅𝑅𝑛𝑛𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑛𝑛𝑒𝑒𝑞𝑞� = 3𝐸𝐸2𝐼𝐼2�𝑅𝑅𝑛𝑛𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑛𝑛𝑒𝑒𝑞𝑞�. 
 
 By equating total feeder loss to the sum of the individual feeder loss: 
 

𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏_𝑡𝑡𝑡𝑡𝑡𝑡 = 𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏1 + 𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏2 + ⋯+ 𝑆𝑆𝑙𝑙𝑡𝑡𝑏𝑏𝑏𝑏𝑛𝑛 
3𝐸𝐸2𝐼𝐼2�𝑅𝑅𝑛𝑛𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑛𝑛𝑒𝑒𝑞𝑞� = 3𝐸𝐸𝐼𝐼2�𝑅𝑅𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞�. 

 
 The equivalent line parameters of the equivalent distribution system can be calculated as: 
 

𝑅𝑅𝑛𝑛𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑛𝑛𝑒𝑒𝑞𝑞 =
(𝑅𝑅𝑒𝑒𝑞𝑞 + 𝑗𝑗𝑋𝑋𝑒𝑒𝑞𝑞 )

𝐸𝐸
. 

 
 As discussed earlier, the reactive power generation from the shunt capacitance of the 
equivalent feeder line equals the sum of all of the reactive power generation from the shunt 
capacitance of all of the individual line feeders: 
 

𝑄𝑄𝑐𝑐𝑡𝑡𝑡𝑡𝑡𝑡 = 𝑄𝑄𝑐𝑐1 + 𝑄𝑄𝑐𝑐2 + ⋯+ 𝑄𝑄𝑐𝑐𝑛𝑛 
3𝑉𝑉𝑒𝑒𝑞𝑞2 𝐵𝐵𝑛𝑛𝑒𝑒𝑞𝑞 = 3𝑉𝑉12𝐵𝐵𝑒𝑒𝑞𝑞1 + 3𝑉𝑉22𝐵𝐵𝑒𝑒𝑞𝑞2 + ⋯+ 3𝑉𝑉𝑛𝑛2𝐵𝐵𝑒𝑒𝑞𝑞𝑛𝑛 

 
 Considering the assumptions made thus far, we also deduce that 
 

𝑉𝑉1 = 𝑉𝑉2 = ⋯ = 𝑉𝑉𝑛𝑛 = 𝑉𝑉 
𝐵𝐵𝑒𝑒𝑞𝑞1 = 𝐵𝐵𝑒𝑒𝑞𝑞2 = ⋯ = 𝐵𝐵𝑒𝑒𝑞𝑞𝑛𝑛 = 𝐵𝐵𝑒𝑒𝑞𝑞 , 

 
 and: 
 

𝑉𝑉𝑒𝑒𝑞𝑞 = 𝑉𝑉. 
 
 Then: 
 

3𝑉𝑉2𝐵𝐵𝑛𝑛𝑒𝑒𝑞𝑞 = 3𝑉𝑉2𝐵𝐵𝑒𝑒𝑞𝑞 + 3𝑉𝑉2𝐵𝐵𝑒𝑒𝑞𝑞 + ⋯+ 3𝑉𝑉2𝐵𝐵𝑒𝑒𝑞𝑞 = 3𝐸𝐸𝑉𝑉2𝐵𝐵𝑒𝑒𝑞𝑞 
 
 Therefore, the equivalent susceptance for the total of “n” equivalent feeders is given by: 
 

𝐵𝐵𝑛𝑛𝑒𝑒𝑞𝑞 = 𝐸𝐸𝐵𝐵𝑒𝑒𝑞𝑞 . 
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 The equivalent shunt capacitance of the distribution system is then calculated as: 
 

𝐶𝐶𝑛𝑛𝑒𝑒𝑞𝑞 = 𝐵𝐵𝑛𝑛𝑒𝑒𝑞𝑞
2𝜋𝜋𝑓𝑓� = 𝐸𝐸𝐵𝐵𝑒𝑒𝑞𝑞

2𝜋𝜋𝑓𝑓�  
𝐶𝐶𝑛𝑛𝑒𝑒𝑞𝑞 = 𝐸𝐸𝐶𝐶𝑒𝑒𝑞𝑞 . 

 
Step IV: Power Output from the PVD1 Model 
 
 To obtain the total power output from equivalent PVD1 model in the distribution system, 
the total PV power output at different locations in the distribution feeder are added up and 
multiplied by the number of distribution feeders. This is then used as the reference to the PVD1 
model Such that the net equivalent generation in a distribution system is equal to n times the total 
PV system generation in the representative distribution feeder. The typical parameters suggested 
in [7] are used for the PVD1 model used in the case study and are shown in Table 4. 
 
 Figure A-2 shows the flowchart that summarizes the process to obtain the equivalent 
aggregated model of a given distribution system.  
 
 

Start

Run Distribution System Load Flow Analysis

Gather the system net loss data and total system 
load data along with the load type.

Scale the net loss and total load by the scaling 
factor based on the number of distribution 

system to be represented.

Compute the load current assuming nominal 
voltage at load end.

Estimate the feeder impedance using the load 
current computed and net feeder loss.

Create an aggregated load following a feeder 
impedance based on the total system load

Sum the total PV power plants into equivalent 
PVD1 model with power output of PVD1 equal 

to sum total of individual PV plants

Connect the aggregated model to the distribution 
system substation transformer and connect the 

HV side of transformer to the Bulk Energy 
System Model

Run the similar test cases as in the non 
aggregated T&D model

End  
Figure A-2  Flowchart of the Process for Obtaining the Aggregated Model of a Distribution System. 
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APPENDIX B: OPERATING CONDITIONS FOR THE T&D NETWORKS 
FOR THE CASE STUDIES (16%, 32%, AND 48% WITH RESPECT 

TO LOAD IN AREA 2) 
 
 
 Table B-1 provides operating conditions for the transmission and distribution (T&D) 
networks used in the case studies for Area 2 with a 16% penetration rate for distributed energy 
resources (DERs); Table B-2 does the same for a 32% DER penetration rate; and Table B-3 for a 
48% DER penetration rate. 
 
 
Table B-1  Operating Conditions for the T&D Networks for the Case Studies with a 16% DER 
Penetration with Respect to Load in Area 2. 

Generator Data 
 G1 G2 G3 G4 
Power Output (MW) 673.2 486.85 565 565 
No. of Generators 10 10 8 8 
Inertia (s) 6.5 6.5 5.37 5.37 
Automatic Generation Control Disabled Disabled Disabled Disabled 
Power System Stabilizer Enabled Enabled Enabled Enabled 
Excitation System Enabled Enabled Enabled Enabled 
Aggregated Load Data (Transmission Node) 
Load in Area 1  967 MW, 100 MVAR (inductive) Constant Z  
Shunt Capacitors in Area 1 387 MVAR (capacitive) Constant Z 
Load in Area 2 Transmission Bus 1,339 MW, 0 MVAR (inductive) Constant Z  
Shunt Capacitors in Area 2 Transmission Bus 437 MVAR (capacitive) Constant Z 
Net Load in distribution system connected in Bus 9  Approx. 88 MW, 86 MVAR (inductive) 
Total DER output from DERs on Distribution System 288 MW 
Total Distribution System Load (including losses) 395MW, 91 MVAR 
Load Data (Distribution Feeder) 
No. of Distribution Feeders Connected in Distribution 
System 

18 

Total Connected Load (including losses) 21.94 MW and 5.15 MVAR 
Net Load in the Distribution Feeder Approx. 4.42 MW and 4.82 MVAR 
No. of PV System in the Distribution Feeder 4 
Rating of Individual PV System in the Distribution Feeder 4 MW, 4.8 MVA each 
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Table B-2  Operating Conditions for the T&D Networks for the Case Studies with a 32% DER 
Penetration with Respect to Load in Area 2. 

Generator Data 
 G1 G2 G3 G4 
Power Output (MW) 673.2 486.85 423.75 423.75 
No. of Generators 10 10 6 6 
Equivalent Inertia from Available Generators (s) 6.5 6.5 4.027 4.027 
Automatic Generation Control Disabled Disabled Disabled Disabled 
Power System Stabilizer Enabled Enabled Enabled Enabled 
Excitation System Enabled Enabled Enabled Enabled 
Aggregated Load Data (Transmission Bus) 
Load in Area 1 967 MW, 100 MVAR (inductive) Constant Z type 
Shunt Capacitors in Area 1 387 MVAR (capacitive) Constant Z type 
Load in Area 2 Transmission Bus 951 MW, 0 MVAR (inductive) Constant Z type 
Shunt Capacitors in Area 2 Transmission Bus 507 MVAR (capacitive) Constant Z type 
Net Load in Distribution System Connected in Bus 9 Approx. 158 MW, 175 MVAR (inductive) 
Total Output from DERs on the Distribution System 576 MW 
Total Distribution System Load (including losses) 785MW, 180 MVAR 
Load Data (Distribution Feeder) 
No. of Feeders Connected in the Distribution System 36 
Total Connected Load (including losses) 21.94 MW and 5.15 MVAR 
Net Load in the Distribution Feeder Approx. 4.42 MW and 4.82 MVAR 
No. of PV Systems in the Distribution Feeder 4 
Rating of Individual PVs in the Distribution Feeder 4 MW, 4.8 MVA each 
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Table B-3  Operating Conditions for the T&D Networks for the Case Studies with a 48% 
Penetration with Respect to Area 2. 

Generator Data 
 G1 G2 G3 G4 
Power Output (MW) 673.2 486.85 282.5 282.5 
No. of Generators 10 10 4 4 
Inertia (s) 6.5 6.5 ~2.68 ~2.68 
Automatic Generation Control Disabled Disabled Disabled Disabled 
Power System Stabilizer Enabled Enabled Enabled Enabled 
Excitation System Enabled Enabled Enabled Enabled 
Aggregated Load Data (Transmission Node) 
Load in Area 1  967 MW, 100 MVAR (inductive) Constant Z type 
Shunt Capacitors in Area 1 387 MVAR (capacitive) Constant Z type 
Load in Area 2 Transmission Bus 603 MW, 0 MVAR (capacitive) Constant Z type 
Shunt Capacitors in Area 2 Transmission Bus 607 MVAR (capacitive) Constant Z type 
Net Load in the Distribution System Connected in Bus 9  Approx. 239 MW, 260.28 MVAR (inductive) 
Total DERs Output from DERs on the Distribution System 864 MW 
Total Distribution System Load (including losses) 1184.66 MW, 278.1 MVAR 
Load Data (Distribution Feeder) 
No. of Feeders Connected in the Distribution System 54 
Total Connected Load (including losses) 21.94 MW and 5.15 MVAR 
Net Load in the Distribution Feeder Approx. 4.42 MW and 4.82 MVAR 
No. of PV Systems in the Distribution Feeder 4 
Rating of Individual PV System in the Distribution Feeder 4 MW, 4.8 MVA each 
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